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FOREWORD 
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Sherwell at the Maryland Department of Natural Resources, Power Plant 
Research Program (PPRP).  Under the contract to PPRP, the following 
individuals were responsible for conducting the work associated with this 
environmental review: 
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ABSTRACT 

Carbon capture, use, and storage (CCUS) is gaining significant national 
and international interest as a potential large-scale option to reduce the 
amount of greenhouse gases released to the atmosphere.  CCUS projects 
involve capturing, compressing, and transporting CO2, which is then 
either utilized in an economically viable application, such as enhanced oil 
or gas recovery, or sequestered in an appropriate geologic formation for 
future beneficial use or permanent storage.  The technology at each stage 
of this process is still developing; however, multiple proposed and active 
projects in the U.S. demonstrate that CO2 capture and use, ultimately 
resulting in long-term storage, is a viable option for both existing coal-
fired power plants and for new generating facilities. 

Maryland’s Power Plant Research Program (PPRP) seeks to establish 
practical and long-term management options for CO2 emissions in 
Maryland.  Accordingly, PPRP is proactively positioning Maryland for 
possible future licensing and implementation of CCUS projects by 
examining the challenges and opportunities that exist for CCUS in the 
State as presented in this report.  Potential exists within the state for future 
utilization and sequestration of CO2, and this report provides a 
comprehensive summary of the technical, economic, and regulatory 
challenges to full-scale commercial implementation of CCUS.  Specific 
case studies are presented and the implications for Maryland’s 
progression toward CCUS implementation are discussed. 
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EXECUTIVE SUMMARY 

Carbon capture, use, and storage (CCUS) involves capturing carbon 
emissions from a point source, such as a power plant boiler stack, 
transporting the carbon dioxide (CO2) via pipeline or truck to a receptor 
site, and injecting the CO2 into a subsurface geological formation for the 
purpose of long-term storage and potential future beneficial use.  If not 
sequestered in the subsurface, these carbon emissions would otherwise 
enter the atmosphere and contribute to the growing concentration of 
greenhouse gases (GHGs) in the atmosphere.   

Recent national and international interest in curbing the amount of GHGs 
released to the atmosphere has spurred research and investigations 
regarding alternative long-term and safe options for the disposition of 
carbon emitted from power plants.  The current U.S. Administration has 
also set a goal of facilitating the commercial development of safe, 
affordable, and broadly deployable CCUS technologies. 

CCUS projects are multi-phase and involve capturing, compressing, and 
transporting CO2.  CO2 can then either be sequestered in an appropriate 
geologic formation or utilized in an economically viable application.  
Suitable geologic storage reservoirs include deep saline formations, 
depleted oil and gas fields, unmineable coal seams, and carbonaceous 
shales.  Each of these storage types possess unique characteristics allowing 
them to trap and hold CO2. 

In addition to the storage of CO2, precedent exists in several states for CO2 
to be utilized in certain beneficial use applications, with the dual benefit of 
preventing atmospheric emissions and employing CO2 as a commodity 
where another product would otherwise need to be used.  The longest and 
most robust precedent of CO2 use is the enhanced recovery of oil and 
natural gas in West Texas, where CO2 injection is used to increase 
recovery from oil fields.  Both the government and private industry have 
recently placed increased emphasis on the use of CO2 in enhanced oil 
recovery (EOR) due to its economic viability, as EOR has the potential to 
recover billions of barrels of oil from existing, mature U.S. oil fields.  Many 
companies are recognizing this opportunity and creating the 
infrastructure to support this expanding industry.     

There are various carbon capture technologies that have been 
demonstrated for the retrofit of existing coal-fired power plants and for 
new generating facilities.  Notably, the AES Warrior Run power plant in 
Cumberland, Maryland, has been capturing a small portion of its CO2 
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emissions for use in the food and beverage industry since 2000.  
Nonetheless, these existing capture technologies are energy-intensive, 
making their application to coal-fired power plants and other industrial 
sources potentially costly.  Scaling these existing processes up to a 
commercial level and integrating them with fossil fuel-based power 
generation currently poses technical, economic, and regulatory challenges.   

Once CO2 is captured, it must be compressed and transported to a storage 
or end use location, typically via pipelines.  There are roughly 4,000 miles 
of CO2 pipelines installed and operating in the U.S., with some additional 
projects proposed for conveying CO2 for enhanced oil recovery.  Although 
there are no CO2 pipelines installed in Maryland currently, there is a vast 
network of natural gas pipelines. 

Potential exists within the State of Maryland for future sequestration as 
well as utilization of CO2.  The geology of the western portion of 
Maryland is especially attractive for the possible storage and use of CO2 in 
enhanced coal bed methane recovery.  Additionally, potential exists for 
CO2 storage in other formations in the central to eastern portion of the 
State, including the Taylorsville Formation and the Waste Gate formation.  
In the future, Maryland could potentially even become part of a larger 
CO2 pipeline network and transport CO2 generated in Maryland to other 
areas of the Appalachian basin for EOR and enhanced gas recovery. The 
need for a reduction in carbon emissions drives the need for a low-cost, 
practical, and long-term management option for CO2 emissions. 
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1.0 INTRODUCTION 

Climate change is widely recognized as a global challenge with scientific 
evidence supporting the need to reduce emissions of greenhouse gases 
(GHGs) world-wide.  As a result, actions are being taken on national, 
regional, state, and local levels to lower and mitigate these emissions, 
particularly those from fossil fuel combustion, which is the predominant 
source of global anthropogenic or (i.e., man-made), carbon dioxide (CO2) 
emissions.   

Carbon capture, use, and storage (CCUS) is gaining increasing interest as 
a potential large-scale option to mitigate CO2 emissions.  CCUS involves 
capturing CO2 emissions from a point source, such as a power plant boiler 
stack, transporting the CO2 via pipeline or truck to a receptor site, and 
injecting the CO2 into oil or gas fields or unmineable coal seams for 
beneficial use or a subsurface geological formation for the purpose of 
long-term storage.  If not permanently sequestered, these CO2 emissions 
would otherwise enter the atmosphere and contribute to the growing 
concentration of GHGs.   

Although CCUS is not fully developed to a commercially available scale, 
the underlying concepts are not new.  In fact, the AES Warrior Run power 
plant in Cumberland, Maryland has been capturing a small portion of its 
CO2 emissions for use in the food and beverage industry since 2000.  The 
use and subsequent storage of CO2, in particular, is being viewed as the 
favored path forward for the economically feasible implementation of CO2 
sequestration.  Currently, pipeline networks are being developed in the 
western U.S. and Canada to transport for beneficial reuse CO2 generated 
from fossil fuel combustion and industrial processes.   

1.1 OBJECTIVE 

The objective of this report is to provide an informative document 
intended to educate the reader and summarize the CCUS processes from 
the collection of CO2 at a point source to its injection for beneficial use or 
storage in an appropriate geologic formation.  This report will present a 
detailed review of current and emerging carbon capture technologies; CO2 
transport projects, issues, and risks; CO2 beneficial use options, such as 
enhanced oil or gas recovery; and carbon sequestration in geologic 
formations, including the characterization of formations, risks, and case 
studies.  A qualitative evaluation of the implications for the State of 
Maryland in each of these areas has also been included.  To obtain a utility 
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perspective on CCUS, interviews were conducted with the two largest 
Maryland utility companies.  These discussions are also summarized 
herein. 

1.2 REPORT ORGANIZATION 

The remainder of this report is organized into the following sections: 

 Section 2.0 provides background information on climate change and 
CCUS. 

 Section 3.0 describes current and emerging carbon capture technologies 
and identifies those that are best suited to new and existing power 
plants. 

 Section 4.0 discusses the transport of captured CO2. 

 Section 5.0 describes the use and storage of CO2. 

 Section 6.0 presents report conclusions and recommended next steps. 
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2.0 BACKGROUND  

The effect human activities have on climate change continues to receive 
global attention.  The scientific community is increasingly pointing to 
evidence that the average global temperature is rising and that CO2 and 
other GHGs are present in the atmosphere at record high levels, exceeding 
those experienced over at least the last 650,000 years (IPCC, 2007).  
Approximately 34 billion metric tons (MT) of CO2 were released to the 
atmosphere worldwide as a result of fossil fuel combustion in 2011, an 
increase of about 3 percent over 2010 (PBL, 2012).  The U.S. contributed 
just over 16 percent to the global rise in CO2 emissions in 2011 and saw a 
decrease of 3.6 percent from 2011 to 2012.  The decline in 2012 continues a 
trend of decreasing energy-related CO2 emissions each year since 2007, 
with the exception of a 3.7 percent jump in 2010.  Global energy-related 
CO2 emissions were higher in 2010 than even the worst-case emissions 
scenario projected by the Intergovernmental Panel on Climate Change 
(IPCC) in its Climate Change 2007:  Synthesis Report (IPCC, 2007).   

Fossil fuels, such as coal, natural gas, and oil, provide over 85 percent of 
the world’s energy needs and are responsible for the majority of global 
CO2 emissions.  Within the United States, fossil fuel combustion resulted 
in 79 percent of the GHGs emitted (on a carbon dioxide equivalent, or 
CO2e, basis) in 2011 (EPA, 2013).  Electricity generation is the largest 
emitter of CO2, and electricity generators consumed 36 percent of U.S. 
energy from fossil fuels and emitted 41 percent of the CO2 from fossil fuel 
combustion in 2011.   

The U.S. Energy Information Agency (EIA) estimates that U.S. electricity 
demand will grow at an average annual rate of 0.8 percent through 2035 
under current policy (EIA, 2012a).  While the percentage of overall 
electricity generation from coal is projected to fall from 49 percent in 2007 
to 39 percent over the next 25 years, the EIA predicts coal will continue to 
be a prevalent component of the U.S.’s electricity fuel mix.  According to 
the EIA, this decrease is expected due to slow growth in electricity 
demand, continued competition from natural gas and renewable energy 
generation facilities, and the need to comply with new environmental 
regulations (EIA, 2012a).  Recent studies of potential GHG mitigation 
strategies conducted by Princeton, the Electric Power Research Institute 
(EPRI), and others found that a minimum of 90 percent CO2 reduction of 
current emissions from fossil fuel-fired power plants is required to make a 
significant impact on stabilizing atmospheric CO2 levels (DOE, 2010a).  
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The potential consequences of increased 
concentrations of GHGs in the 
atmosphere include: global temperature 
increases; sea-level rise that may 
gradually inundate coastal areas and 
increase shoreline erosion; flooding 
from coastal storms; changes in 
precipitation patterns and increases in 
severe weather events; increased risk of 
droughts and floods; threats to biodiversity; and a number of potential 
challenges for public health.  With more than 3,000 miles of coastline, 
Maryland is particularly vulnerable to potential climate change impacts, 
such as sea level rise and increased severe weather, particularly 
hurricanes.  In fact, the Chesapeake Bay region is considered the third 
most vulnerable geographic area in the U.S. to sea-level rise, behind 
Louisiana and southern Florida (MCCC, 2008).  Figure 2-1 shows low-
lying land areas in Maryland that would likely be subject to inundation 
and coastal flooding over the next 100 years if sea level rise were to occur.   

Figure 2-1 Sea-level Rise Vulnerability in the Coastal Areas of Maryland 

 
Source:  MCCC, 2008 
Note:  Calculated using lidar elevation data; however, data were not available for 
Baltimore City, Harford County, and Prince George’s County. 

There are 59 CCUS projects in the 
planning stage world-wide; however, 
130 projects are needed in operation 

by 2020 to meet the International 
Energy Agency’s targets for climate 

stabilization. 
 

Global CCS Institute, 2012 
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The ultimate goal of CCUS technologies is to significantly reduce the 
amount of CO2 released to the atmosphere from large, stationary sources, 
such as fossil fuel-fired power plants.  CCUS is one of the four most 
commonly discussed and viable means of reducing the emissions of 
anthropogenic GHGs to the Earth’s atmosphere.  Other GHG emissions 
mitigation options include: 1) increasing energy conservation and 
improving energy efficiency; 2) using renewable energy, nuclear power, 
hydrogen, or natural gas technologies; and 3) indirectly capturing CO2 
from the atmosphere utilizing sub-seabed or terrestrial sequestration, such 
as reforestation (PTTF, 2010).  A combination of these options is likely 
needed to meet large (up to 90 percent) reductions in CO2 emissions. 

In general, CCUS consists of three major steps: 1) CO2 capture and 
compression; 2) transport to a storage or beneficial use location, typically 
via a CO2 pipeline; and 3) long-term isolation from the atmosphere, such 
as storage in a geologic formation.  Following capture, CO2 is compressed 
to a supercritical state, typically 150 times atmospheric pressure at a large 
industrial installation, to make transportation and storage more efficient.  
In addition, CO2 may be utilized prior to or retrieved from storage to 
create value-added products or services, alleviating some of the economic 
burden.   

2.1 CARBON EMISSIONS IN MARYLAND 

Coal-fired power plants in the U.S. emit approximately 1.7 billion MT of 
CO2 annually.  The electric power sector was responsible for around 40 
percent of the total U.S. energy-related CO2 emissions in 2011 (EIA, 
2012b).  As illustrated in Figure 2-2, the combustion of coal results in the 
second highest level of CO2 releases of all possible fossil fuels, lower only 
when compared to petroleum coke.   

Major sources of CO2 must report their annual emissions to the U.S. 
Environmental Protection Agency (EPA) as part of EPA’s Mandatory 
Reporting Rule (see Section 2.3.1).  Maryland power plants contributed in 
excess of 76 percent of CO2e emissions reported to EPA in 2010 (EPA, 
2012).  The majority of these emissions result from coal-fired power plant 
operations in the State.  As shown in Figure 2-3, seven of Maryland’s top 
ten direct emitters are coal-fired power plants.  These ten facilities 
contribute to over 86 percent of the State’s direct CO2e emissions. 
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Figure 2-2 CO2 Emissions by Fuel Type  

 

Source:  PPRP, 2010a. 

To provide perspective, a comparison of Maryland’s power plant CO2 
emissions with others across the U.S. is presented in Table 2-1.  This table 
shows CO2 emissions normalized by energy generation for larger power 
plants in the lower 48 states (which excludes Alaska and Hawaii) and the 
District of Columbia as reported in EPA’s Clean Air Market database 
(EPA, 2010a).  In general, states with higher normalized CO2 emissions 
have a higher percentage of coal-fired generation and/or older power 
plants.  States with lower emissions have larger percentages of natural 

gas, nuclear, and renewable energy 
sources.  In 2010, CO2 emissions from 
Maryland ranked sixteenth among those 
listed in the database.    
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 ”It is true that acting alone, Maryland 
cannot reduce the world’s GHGs by 

much.  But together with more than the 
dozen other states that have adopted GHG 

reduction laws and have implemented 
climate plans, the cumulative impact will 

be significant.” 
 

Maryland’s Plan to Reduce Greenhouse Gas 
Emissions, December 31, 2011 
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Figure 2-3 Locations of Maryland’s Significant GHG Sources in 2011   

 

Note:  Includes sources with GHG emissions > 360,000 MT CO2e/year as reported under EPA’s Mandatory GHG Reporting Rule for 2011 (see Section 2.3.1). 
Source:  Data from EPA, 2012. 
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Table 2-1 State-by-state CO2 Emissions in 2010   

STATE 
CO2 Emissions 

(lb/MWh)   STATE 
CO2 Emissions 

(lb/MWh) 
VT 2,880  AR 1,911 
ND 2,307  SC 1,908 
MI 2,258  WV 1,881 
NC 2,252  UT 1,859 
SD 2,194  GA 1,844 
IA 2,177  VA 1,808 

WY 2,157  AZ 1,764 
WI 2,138  AL 1,746 
MT 2,126  TX 1,746 
KS 2,099  DE 1,727 
NE 2,096  LA 1,668 
IL 2,040  OK 1,632 

DC 2,025  FL 1,623 
MO 2,021  NH 1,609 
MN 2,019  NJ 1,601 
MD 1,998  NY 1,525 
MS 1,998  CT 1,479 
WA 1,994  MA 1,369 
IN 1,965  OR 1,356 
KY 1,960  NV 1,199 
NM 1,941  RI 1,064 
OH 1,939  ME 1,034 
PA 1,939  CA 924 
TN 1,930  ID 850 
CO 1,927       

Note:  lb/MWh = pounds per megawatt-hour 
Source:  EPA, 2010a. 

2.2 MARYLAND UTLITY COMPANY PERSPECTIVES 

In March 2011, PPRP met with the two major utility companies operating 
power plants in Maryland, namely Constellation Energy, which finalized 
a merger with Exelon Corporation in March 2012, and GenOn Mid-
Atlantic, formerly Mirant Mid-Atlantic and, as of December 2012, NRG 
Energy.  The intent of the meetings was to discuss the views and plans of 
Maryland utility companies regarding CCUS.  In early 2010, Maryland 
utilities were in the initial phases of considering CCUS in regard to the 
disposition of CO2 generated from their plants.  One of the major obstacles 
they view to the implementation of CCUS technologies is the distance 
between CO2 sources and potential CO2 storage or use locations, and the 
lack of pipeline infrastructure to accommodate CO2 transportation from 
source to end use.  Additionally, many of the technologies associated with 
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carbon capture are relatively new, and as such, do not have a significant 
track record that would allow a greater understanding of implementation 
logistics and costs.  Finally, Constellation and GenOn both indicated that 
they generally view implementing CCUS as cost prohibitive.   

Despite its hesitations regarding CCUS implementation in the near-term, 
Constellation Energy has been an active member of the Midwest Regional 
Carbon Sequestration Partnership (MRCSP) and has conducted 
technology studies in partnership with EERC.  The capture and use 
technologies Constellation has explored include Calera’s method of 
precipitating carbonate materials by combining generated CO2 with brines 
(Calera, 2012), Seaquest’s technology for scrubbing CO2 from flue gas, and 
Neumann System Group’s dual-alkaline scrubbing system (Neumann, 
2010). 

2.3 REGULATORY FRAMEWORK AND ADVANCEMENT INITIATIVES 

The lack of comprehensive national climate change legislation is a key 
barrier to CCUS deployment.  Furthermore, because CCUS has not yet 
been widely deployed, there is uncertainty about how environmental 
statutes will apply, whether there are gaps or overlaps, and if the current 
framework is adequate for both near- and long-term deployment of 
CCUS.  The absence of regulatory programs that would effectively 
establish a price on carbon and generate limited financial incentives for 
new technologies result in an uncertain framework for investment in low-
carbon technologies such as CCUS.  Some federal incentives for early 
CCUS deployment are in place, including research, development, and 
technology demonstration funding, and market-pull mechanisms, such as 
tax credits and loan guarantees (ITFCCS, 2010).   

Many of the current CCUS projects are being developed by the private 
sector with government funding support in advance of requirements to 
reduce GHG emissions.  In recent years, regulatory and legislative 
initiatives at the state and federal levels have emerged requiring sources 
of GHG emissions to report, reduce, and/or mitigate these emissions.   

2.3.1 Federal Regulations  

EPA has developed several federal regulatory initiatives to address 
reporting and permitting the sources that emit GHGs.  Under EPA’s 
recent regulatory actions related to climate change, certain new and 
modified sources are now subject to Prevention of Significant 
Deterioration (PSD) review for GHG emissions.  Any PSD permit, or in 
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Maryland, any Certificate of Public Convenience and Necessity (CPCN) 
issued since January 2, 2011, is required to address PSD for GHG 
emissions.  One of the most significant implications of the new regulation 
is that affected facilities are now required to demonstrate Best Available 
Control Technology (BACT) for CO2.   

GHG Mandatory Reporting Rule 

In September 2009, EPA issued a final mandatory reporting rule (MRR) 
for reporting GHG emissions from large, stationary sources in the U.S.  
This rule requires that the regulated community performing activities that 
are potentially subject to the rule determine applicability, develop 
monitoring plans, and generate emission calculations, as well as register 
and report emissions.  No emission controls are required as part of this 
rule.   

Under this rule, any facility that operates a listed “source category” 
(defined in 40 CFR 98.2(a)(1) and (2)) and exceeds the specified thresholds 
must report annual GHG emissions.  Even if a facility does not operate as 
a listed source category, it is required to report annual GHG emissions 
from combustion sources that meet the following requirements (outlined 
in 40 CFR 98.2(a)(3)): 

 The facility has an aggregate maximum rated heat input capacity 
from stationary fuel combustion units of 30 million British thermal 
units per hour (MMBtu/hr) or greater; and 

 The facility emits 25,000 MT/year of CO2e or more in combined 
emissions from all stationary fuel combustion sources. 

The first set of reporting under EPA’s MRR was completed in September 
2011.  Annual reporting deadlines vary by Subpart but are generally due 
March 31st for the previous calendar year.  Approximately 9,000 facilities 
in nine industry sectors reported 3.3 billion tons CO2e of direct emissions 
for 2011 operations.  EPA estimates that 85-90 percent of the GHG 
emissions generated in the U.S. from man-made sources are covered by 
the MRR.  Reported emissions are publically available at 
http://ghgdata.epa.gov. 

GHG Tailoring Rule 

In May 2010, EPA finalized new regulations governing the permitting of 
GHG emissions from stationary sources.  The “Tailoring Rule” was 
published in the Federal Register on June 3, 2010.  In this rule, EPA 
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established new criteria that determine which sources are subject to 
permitting requirements under the PSD and Title V operating permitting 
programs of the Clean Air Act.  Prior to the Tailoring Rule, stationary 
sources that had the potential to emit 100 or 250 short tons per year (tpy) 
or more, depending on the source category, of any “regulated” air 
pollutant were subject to PSD and Title V.  EPA increased the GHG major 
source applicability thresholds and thereby “tailored” the Clean Air Act to 
apply to a smaller subset of sources.   

In the final GHG Tailoring Rule, EPA identified “GHG” as the air 
pollutant that will be used to determine applicability of PSD and Title V 
requirements for stationary sources of air emissions.  The regulated air 
pollutant for this rule is defined as the aggregate sum of six GHGs, 
including CO2, methane (CH4), nitrous oxide (N2O), hydrofluorocarbons 
(HFCs), perfluorocarbons (PFCs), and sulfur hexafluoride (SF6).  The 
emissions threshold for determining applicability with the rule is based on 
the total mass of the six GHGs combined into a single pollutant reported 
as CO2 on an equivalent basis (CO2e). 

Applicability of PSD Requirements 

Although GHGs have become a regulated pollutant under an earlier court 
ruling, EPA has not proposed any ambient air quality standards (i.e., 
National Ambient Air Quality Standards or NAAQS) for GHGs.  In the 
absence of applicable NAAQS for GHGs, the nonattainment provisions of 
the Clean Air Act (e.g., major source Nonattainment Area New Source 
Review, NNSR) are not applicable to GHGs; only PSD will need to be 
evaluated for new and modified sources.   

EPA adopted a phased approach to implementing PSD requirements for 
GHGs.  With the second phase of the Tailoring Rule, which began on July 
1, 2011, PSD applies to all new sources that have GHG emissions of 
100,000 tpy or more, and existing sources that are modified and result in 
GHG emissions increases greater than 75,000 tpy.  Note that an existing 
source must emit greater than 100,000 tpy of GHGs to be considered 
“major” before determining whether the modifications result in a 
significant GHG emissions increase.   

On June 29, 2012 EPA issued a final rule for the third phase of the 
Tailoring Rule that maintains the GHG permitting thresholds established 
in the first two phases.  Following an evaluation of the progress of GHG 
permitting so far, EPA determined that state permitting authorities have 
not had adequate time to develop necessary program infrastructure and 
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permitting expertise, thereby making it administratively infeasible to 
apply PSD and title V permitting requirements to smaller sources.   

EPA also proposed two approaches to streamline the GHG permitting 
process by increasing the flexibility of plant-wide applicability limitations 
(PALs) and creating regulatory authority for EPA to issue synthetic minor 
permits for GHGs where EPA is the PSD permitting authority.  

PSD Requirements for GHGs 

Projects subject to PSD, whether for GHGs or any regulated pollutants, 
must demonstrate that they meet three key requirements:   

1. The source is equipped with BACT for each pollutant that triggers 
PSD applicability; 

2. The project will not adversely affect any NAAQS or other PSD 
threshold concentrations known as “increments,” which is 
generally demonstrated through air quality dispersion modeling; 
and  

3. The project will not cause other adverse impacts to visibility, soils, 
and vegetation. 

The five basic steps of a top-down BACT analysis are as follows: 

Step 1:  Identify potential control technologies 

Step 2:  Eliminate technically infeasible options 

Step 3:  Rank remaining control technologies by control effectiveness 

Step 4:  Evaluate most effective controls based on economic, energy, 
and environmental impacts  

Step 5:  Select BACT 

Impacts to Sources in Maryland 

The Tailoring Rule has significant implications for existing power plants 
in Maryland that are considering modifications and expansions, as well as 
any new power plant projects in the State.  Power plants face numerous 
air regulatory requirements; the requirement to demonstrate BACT for 
GHGs is considered one of the most challenging at present.  The types of 
control measures potentially available for minimizing GHG emissions 
from coal-fired combustion systems include various thermal/energy 
efficiency and post-combustion controls, such as CCUS. 
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CCUS technologies must be considered in Step 1 of a BACT evaluation 
and carried forward into the assessment of economic, environmental, and 
other impacts conducted in Step 4.  During Step 4, cost considerations can 
be introduced, which currently yield cost effectiveness values in excess of 
levels that would be considered feasible. 

GHG New Source Performance Standards (NSPS)  

EPA issued a proposed NSPS for GHGs rule for power plants on March 
27, 2012.  This proposed rule would apply only to new sources, including 
fossil fuel-fired boilers, integrated gasification combined cycle (IGCC) 
units, and stationary combined cycle turbine units, that generate 
electricity for sale and are larger than 25 megawatts (MW).  As part of the 
new rule, EPA is proposing an output-based standard of 1,000 pounds of 
CO2 per gross MW-hour (lb/MWh gross).  New units designed to burn 
coal would require CO2 emissions control technology, such as CCUS, to 
meet the standard. 

The proposed standard provides some flexibility for new units to phase in 
technology to reduce carbon pollution.  New power plants that implement 
CCUS would have the option of using a 30-year averaging period for their 
CO2 emissions, rather than meeting the annual standard each year.  
Accordingly, plants that install and operate CCUS right away would have 
the flexibility to emit more CO2 in the early years as they determine the 
best methods to optimize the available control techniques.  Another 
option would be to construct a new coal-fired plant and add CCUS later, 
as long as the 30-year average standard was met.  This flexibility was 
written into the proposed rule because CCUS is expected to become more 
widely available and cost-effective as the technology evolves over time.  

2.3.2 Federal Initiatives 

The federal government is also 
pursuing a set of concrete 
initiatives to facilitate the 
commercial development of safe, 
affordable, and broadly 
deployable CCUS technologies 
in the U.S. including:  R&D of 
CCUS technologies and 
demonstration projects; the development of regulations to address the 
safety, efficacy, and environmental soundness of injecting and storing CO2 
underground; and the assessment of the country's geologic capacity to 
store CO2. 

 "Rapid commercial development and 
deployment of clean coal technologies, 

particularly carbon capture and storage, 
will help position the United States as a 
leader in the global clean energy race." 

 
President Barack Obama 

Presidential Memorandum, February 3, 2010 
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U.S. Department of Energy’s (DOE’s) Clean Coal Power Initiative (CCPI) 

The CCPI is an innovative clean coal technology demonstration program 
initiated in 2002 to accelerate the adoption of technology by the private 
sector to fill in the gap between small-scale R&D and commercial 
deployment.  The program addresses emerging combustion, gasification, 
multi-pollutant emissions control (including CO2), fuel processing, and 
other efficiency improvement technologies, to promote the continued 
utilization of coal throughout the electric power sector.   

This multi-year program is driven by private-sector projects proposed in 
response to government solicitations.  The CCPI is administered by the 
Office of Fossil Energy and implemented by the National Energy 
Technology Laboratory’s (NETL) Strategic Center for Coal.  Phase III of 
the program focuses on developing projects that use carbon sequestration 
technologies and/or beneficially reuse CO2.  The CCPI projects were 
selected to advance the following goals: 

 Achieve a minimum CO2 capture efficiency of 50 percent, and make 
progress toward a target of 90 percent in a gas stream containing at 
least 10 percent CO2 by volume;  

 Make progress toward a cost of electricity increase of less than 10 
percent for capture and sequestration associated with gasification 
systems and less than 35 percent for combustion and oxy-
combustion systems compared to 2008 practices; and  

 Capture and sequester or beneficially use more than 300,000 short 
tons (272,000 MT) of CO2 emissions annually. 

The Phase III CCPI projects are listed in Table 2-2 and are further 
described in Section 3.0. 
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Table 2-2 CCPI CO2 Capture Projects 

Project Location Capture 
Technology 

Capture 
Rate 

(million 
MT/year) 

 Total Cost 
($million) 

DOE 
Funding 

($million) 

Status 

Pre-Combustion Capture      

Hydrogen Energy 
California  
(390 MW) 

Kern County, 
CA 

IGCC/ 
Rectisol 

3.0 $3,900 $408 Estimated 2017 
start date 

Southern Company 
Kemper Project  

(582 MW) 

Kemper 
County, MS 

Selexol 3.0 $3,420 $270 Construction 
began in 2010; 
estimated May 
2014 start date 

Summit Texas Clean 
Energy Project  

(400 MW) 

Odessa, TX IGCC/ 
Rectisol  

2.7 $2,800 $350 Estimated 2014 
start date 

Post-Combustion Capture      

Basin Electric 
(120 MW slip stream) 

Beulah, ND Ammonia 0.9 N/A $100 Withdrawn 

AEP Mountaineer Project 
(235 MW slip stream) 

New Haven, 
WV 

Chilled 
Ammonia 

1.5 $670 $334 Withdrawn 

NRG Energy 
(60 MW slip stream) 

Thompsons, 
TX 

Fluor 
Econamine FG 

PlusSM 

0.4 $308 $154 Estimated 2015 
start date  

Southern Company Plant 
Barry  

(160 MW) 

Mobile, AL Chilled 
Ammonia 

(MHI 
technology) 

1.0 $650 $295 Withdrawn  
(25 MW test 

facility operating 
since June 2011)  

Primary sources:  ITFCCS, 2010; DOE, 2012; O’Neil, 2011; Hallerman, 2012a; Testa, 2013. 
 

DOE’s Industrial Carbon Capture and Storage Program 

In a major step toward reducing CO2 emissions from industrial plants, 
DOE allocated American Recovery and Reinvestment Act (ARRA) funds 
to more than 25 projects that capture and sequester CO2 emissions from 
industrial sources, such as cement plants, chemical plants, refineries, 
paper mills, and manufacturing facilities, into underground formations.  
Three of these (Table 2-3) are large-scale projects aimed at testing 
industrial CCUS.  Combined, these projects are expected to capture and 
store about 6.5 million short tons (5.9 MT) of CO2 per year, and increase 
domestic oil production by more than 10 million barrels per year through 
enhanced oil recovery (EOR), by September 2015.  EOR is discussed in 
more detail in Section 5.4.1.  In November 2012, the Archer Daniels 
Midland and Air Products projects were recognized by the Carbon 
Sequestration Leadership Forum (CSLF) as important advancements 
toward commercialization and large-scale deployment of CCUS 
technologies world-wide (CCJ, 2012). 
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U.S. Interagency Task Force on CCS: 

 DOE (Co-chair) 
 EPA (Co-chair) 
 Department of State 
 Department of the Treasury 
 Department of Justice 
 Department of the Interior 
 Department of Agriculture 
 Department of Commerce 
 Department of Labor 
 Department of Transportation 
 Office of Management and Budget 
 FERC 
 Office of Science and Technology 

Policy 
 Council on Environmental Quality 

Table 2-3 Capture Projects Selected Under the ICCS Program 

Project Location Capture 
Technology 

Capture Rate 
(million 

MT/year) 

Products DOE 
Funding 

($million) 

Status 

Air Products – 
Valero Refinery 
Stream Methane 

Reformers  

Port Arthur, 
TX 

Vacuum 
swing 

adsorption 

0.9 Hydrogen, 
EOR 

$284 Scheduled end of 2012 
start date 

MRCSP - Archer 
Daniels Midland 

Ethanol Production 
Plant 

Decatur, IL N/A (99.9% 
purity from 

ethanol 
fermentation) 

0.9 Power, 
Ethanol 

$141 Smaller-scale injection 
began November 2011 

with full-scale 
operations scheduled for 

fall 2013 

Leucadia Energy – 
Methanol from 

Petcoke Gasification 

Lake Charles, 
LA 

Rectisol 4.5 Methanol, 
EOR 

$261 Construction to begin in 
2013 with estimated 

2015 start date 

MRCSP = Midwest Regional Carbon Sequestration Partnership (see Section 2.3.3) 
Sources:  ITFCCS, 2010; O’Neil, 2011 CCJ, 2012. 

In addition, seven projects were identified to demonstrate the conversion 
of captured CO2 emissions from industrial sources into useful products, 
such as fuel, plastics, chemicals, carbonates, cement, and fertilizers.  These 
projects are funded by $106 million from the ARRA, matched with $156 
million in private cost-share.  They represent a potential opportunity to 
use CO2 as an inexpensive raw material that can help reduce CO2 
emissions while producing useful, valuable products in the U.S.  
Converting CO2 into other useful forms can help reduce carbon emissions 
in areas where long-term storage of CO2 is not practicable.  These 
industrial CO2 use applications are expected to provide valuable 
knowledge applicable to the large volumes of CO2 anticipated to become 
available as fossil fuel–based power plants and other large CO2 sources 
are equipped with emissions control technologies to comply with 
regulatory requirements. 

Interagency Task Force on Carbon 
Capture and Storage 

In February 2010, President Obama 
established an Interagency Task Force 
on Carbon Capture and Storage 
(ITFCCS), comprised of 14 Executive 
Departments and Federal Agencies.  
The goal of the ITFCCS is to develop a 
comprehensive and coordinated 
national strategy to speed the 
commercial development and 
deployment of CCUS technologies in 
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accordance with federal climate protection goals.  The ITFCCS was tasked 
with developing a plan to overcome barriers to the widespread, cost-
effective deployment of CCUS within 10 years and to bring five to ten 
commercial demonstration projects online by 2016. 

The final report of the ITFCCS, released in August 2010, concluded that 
the most important driver for commercial deployment of low-carbon 
technologies, such as CCUS, is a national climate policy designed to 
reduce GHG emissions.  ITFCCS found that such a policy is needed to 
create a stable, long-term framework for private investments.  The report 
states that there are no insurmountable technological, legal, institutional, 
or other barriers to widespread CCUS implementation.  Furthermore, 
R&D and demonstration programs can help reduce uncertainty and 
improve technology cost and performance. 

2.3.3 State and Regional Initiatives 

Midwest Regional Carbon Sequestration Partnership 

To promote research on climate change and the potential for carbon use 
and sequestration, Maryland joined MRCSP in 2004.  The MRCSP is one of 
seven regional partnerships established by DOE’s NETL tasked with 
assessing the technical potential, economic viability, and public 
acceptance of carbon sequestration within its region.  The MRCSP is 
comprised of nine contiguous states, including Indiana, Kentucky, 
Maryland, Michigan, Ohio, Pennsylvania, New Jersey, New York, and 
West Virginia (Figure 2-4).  The group includes representatives from 
universities, state geological surveys, non-governmental organizations, 
and private companies. 

The partnership’s research program is being implemented in three 
incremental phases, and is led by Battelle.  The Characterization Phase, or 
Phase I, began in October 2003 and lasted approximately two years.  The 
primary objective of the Phase I research was to develop a coherent 
picture of CO2 sources and sequestration opportunities in the region using 
formation thickness and structure mapping and other tools.   

A report was published in September 2005 detailing the results of the 
Phase I effort.  Nine potential CO2 reservoirs and five potential confining 
cap-rock intervals were identified, and their structure, depth and 
thickness were mapped (MRCSP, 2005).  The report’s findings indicated 
that the geologic storage capacity for CO2 is disproportionately 
distributed, both between and within partnership states.  Thus, the results 
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suggest the importance of considering the relationship among CO2 point-
source locations, potential storage site locations, and inter-state transfer. 

Figure 2-4 MRCSP Member States 

 
Source:  Based on PA DCNR, 2009.   

Based on the results of Phase I, small-scale field validation tests were 
conducted under the Validation Phase, or Phase II.  Specifically, three CO2 
field injection tests in different types of regional geologic reservoirs (the 
Appalachian Basin, Cincinnati Arch, and Michigan Basin) were completed 
to demonstrate the safety and effectiveness of geologic sequestration 
systems.  Four terrestrial sequestration projects were also completed in 
Phase II.  The research under this Phase was compiled and presented in 
the April 2011 Phase II Final Report (Batelle, 2011).  Several more specific 
topical reports were completed as a result of the Phase II work and 
provide more detailed information about each region studied.  While this 
phase resulted in multiple findings, one of the main overall conclusions 
drawn was that the region’s deep geologic reservoirs were confirmed to 
have the theoretical potential to sequester the region’s CO2 emissions for 
at least 100 years into the future.  Additionally, the Phase II research 
helped refine and extend the characterization of the region’s sequestration 
opportunities.   

Phase III of the MRCSP work is currently underway.  The goal of the third 
phase is to demonstrate the potential for geologic CO2 storage in the 
region by conducting an injection test of at least one million MT of CO2 
into a regionally significant reservoir.  A state-owned, military land 
management area in Otsego County, Michigan, has been chosen for the 
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location of this Phase.  The primary target for CO2 injection is the St. Peter 
Sandstone at a depth of about 7,500 feet, which lies below the natural gas 
and oil producing zones.  A secondary target will be the Bass Island 
Dolomite at a depth of about 3,500 feet, which is the same formation 
tested in Phase II.    

Maryland is currently participating in the MRCSP primarily through the 
activities of the Maryland Geological Survey (MGS).  MGS provided 
certain subsurface geological information to the Phase I study in support 
of the region-wide assessment of the suitability of geologic reservoirs.  
Although MGS has had limited involvement in Phase II of MRCSP’s 
research and none of the field tests were conducted in Maryland, MGS 
continues to remain an active member of the group.  Specifically, MGS is 
working with the MRCSP in the following areas: 

 To identify and characterize, through well rock chips and core 
descriptions, possible shallow storage formations (especially upper 
Devonian); 

 To conduct a detailed characterization of seal bed character for gas 
fields (i.e., Oriskany) in western Maryland; 

 To identify and characterize sub-Oriskany reservoirs; and 

 To characterize the Waste Gate formation and a possible cap rock 
located above the Waste Gate. 

The results from the Phase II research identify Maryland as having notable 
sequestration potential in its saline formations.  Specifically, the Phase II 
report identifies the total potential saline formation storage capacity in 
Maryland as 2,723 million MT of CO2  (Battelle, 2011).  Additional research 
is needed in Maryland, however, to further identify geologic storage 
formations and refine estimates for long-term sequestration.   

Additional research and field-scale tests are being undertaken by other 
regional carbon sequestration partnerships.  In August of 2012, the 
Southeast Regional Carbon Sequestration Partnership began injecting CO2 
from a newly constructed post-combustion CO2 capture facility at 
Alabama Power’s 2,657-MW Barry Electric Generating Plant.  The CO2 is 
being captured using an advanced amine process to produce a nearly pure 
stream of CO2.  The CO2 is then transported approximately 12 miles to a 
saline formation called the Citronelle Dome.  Injection will take place over 
two years at a rate of up to 550 MT of CO2 per day.  It is hoped that this 
project will help assess the integration of technologies and lay the 
foundation for further use of CO2 for EOR.   
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North America 2050:  A Partnership for Progress 

North America 2050: A Partnership for Progress (NA2050) was formed in 
2009 to focus on efforts to design, promote, and implement cost-effective 
policies that reduce GHG emissions and create economic opportunities.  
NA2050 is comprised of a group of various U.S. States, including 
Maryland, and Canadian provinces that are committed to policies that 
move their jurisdictions toward a low-carbon economy while 
simultaneously creating jobs, enhancing energy independence, and 
protecting human health and the environment. 

NA2050 is organized into a variety of working groups that focus on one 
particular aspect of the broader goals and objectives of the whole group.  
One of these working groups, the sequestration working group, is tasked 
with encouraging sequestration and reuse of CO2 as a method of reducing 
GHG emissions.  Representatives from Maryland, including PPRP and the 
Maryland Department of the Environment (MDE), have been actively 
involved in this working group, which focuses on exploring the 
regulatory, technical, and policy issues surrounding CO2 capture, 
transport, and sequestration, as well as CO2 use.   

Regional Greenhouse Gas Initiative (RGGI) 

In 2005, the first market-based cap-and-trade program for CO2 in the U.S. 
was created.  The RGGI program includes the states of Delaware, 
Connecticut, Maine, New Hampshire, New Jersey, New York, Vermont, 
Massachusetts, and Rhode Island.  Maryland, as required by the Healthy 
Air Act of 2006 (HAA), officially became a RGGI state in April 2007.  
Under this program, CO2 emissions from fossil-fuel fired electricity 
generating units with nameplate capacities of 25 MW or greater are 
capped from 2009 to 2014.  For each of the next four years, RGGI 
mandates a 2.5 percent reduction, totaling 10 percent by 2018.     

There are 17 Maryland power plants that are subject to the RGGI program, 
with an initial annual budget of 37.5 million short tons (34.0 MT) of CO2.  
Emissions in the power sector have fallen over the last several years due 
to the economic downturn, mild weather patterns, shifts to natural gas-
fired generation, increased renewable energy utilization, and increases in 
conservation and demand response.  As a result, state-wide emissions 
from power plants subject to RGGI are, with the exception of Rhode 
Island, below their negotiated CO2 apportionments.  Maryland’s 2012 CO2 
emissions were 41 percent below its established RGGI budget (RGGI, 
2013).  A comprehensive program review was conducted in 2012 by 
member states via a regional stakeholder process.  An updated RGGI 
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Model Rule was published in February 2013, resulting in, among other 
program clarifications, a 45 percent reduction in the regional emissions 
cap to 91 million tons starting in 2014. 

For each short ton of CO2 emitted, power plants must purchase one RGGI 
allowance from regional quarterly auctions.  The price of the allowances 
has ranged from $1.86 (the initial reserve price) to $3.51 per short ton.  A 
minimum of 25 percent of each state’s auction proceeds must be used for 
consumer benefit and/or strategic energy purposes.  Maryland’s proceeds 
are directed to a Strategic Energy Investment Fund (SEIF), which is used 
to support efficiency, conservation, and other demand response programs; 
residential energy bill assistance; renewable energy development; and 
climate change outreach and education.  As of the December 2012 auction, 
the State had raised over $219 million from the RGGI program (RGGI, 
2013). 

Allowances can also be generated through the implementation of offset 
projects.  A RGGI CO2 offset allowance represents a project-based GHG 
emission reduction outside of the capped electric power generation sector.  
Currently, offset allowances are limited to five specific project categories, 
each of which is designed to reduce or sequester CO2, methane, or sulfur 
hexafluoride emissions within the program region.  While terrestrial 
carbon sequestration through afforestation is a qualifying offset project, 
CCUS projects currently are not. 

In November 2012, the State of California held an initial auction to begin 
its own cap-and-trade program for GHG emissions from major sources, 
such as cement manufacturers, electricity generators, and suppliers of 
fuels and CO2.  This program is a key element under California’s 
Assembly Bill 32 – the Global Warming Solutions Act of 2006, which has 
the ultimate goal of reducing state-wide GHG emissions to 1990 levels by 
2020.  Quantified and verified CO2 sequestration in geologic formations 
can be subtracted from an entity’s compliance obligation. 

2.3.4 Maryland Initiatives and Legislation 

Maryland Climate Action Plan  

The Maryland Commission on Climate Change (MCCC) was established 
under an Executive Order in April 2007, with a primary mission to 
develop a Climate Action Plan (CAP) for the state.  The MCCC consists of 
the leaders of 16 State agencies and six members of the General Assembly.  
It is organized into three working groups:  Scientific and Technical; 
Greenhouse Gas & Carbon Mitigation; and Adaptation and Response.   
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In August 2008, the MCCC released the final version of the Maryland 
CAP, which was the first plan in the U.S. to connect climate science with 
both climate mitigation and climate adaptation planning.  The CAP 
contains comprehensive assessments and strategies developed by each of 
the working groups, including 61 policy options, programs, and measures 
to reduce Maryland’s GHG emissions and to help the State respond and 
adapt to potential impacts of climate change, such as sea level rise.  These 
policy options cover a wide range of sectors, such as energy supply, 
transportation, agriculture, forestry and waste.  The CAP 
recommendations pertaining to the energy sector focus on the promotion 
of renewable energy sources and clean distributed generation1, funding 
R&D technology programs, improving the efficiency of existing power 
plants, integrated resource planning, and establishing a generation 
performance standard for GHGs (MCCC, 2008; MCCC, 2010).  While the 
Mitigation Working Group (MWG) initially considered “carbon capture, 
storage, and reuse” recommendations, such as the development of State 
permitting processes for underground storage, pipeline guidance, and 
CCUS incentives, they were deemed to require further study and were not 
included in the final CAP. 

Maryland Greenhouse Gas Reduction Act of 2009 

One of the key policy recommendations from the MCCC’s MWG was to 
set a state-wide GHG emissions reduction goal of 25 percent from a 2006 
baseline by 2020.  This exact goal was then codified into law when the 
Maryland General Assembly passed the 2009 Greenhouse Gas Reduction 
Act (GGRA).  The GGRA also requires that Maryland prepare a plan to 
meet a longer-term goal of reducing its GHG emissions up to 90 percent 
by 2050, while promoting new “green” jobs, protecting existing jobs, and 
positively influencing the State’s economy.   

In December 2011, MDE released a draft plan titled, Maryland’s Plan to 
Reduce Greenhouse Gas Emissions, that is designed to achieve the goals 
identified in the 2009 GGRA (MDE, 2011).  The plan describes 65 control 
measures for reducing GHG emissions, including a program to identify 
and characterize Maryland geologic reservoirs that may be viable 
repositories for CO2.  The Maryland Department of Natural Resources, in 
coordination with the MRCSP, is the lead agency for this effort.  It is 
estimated that once this program is fully implemented, it will support 

                                                 
1 Distributed generation refers to generating resources located close to or on the same site as the 

facility using the power.  Clean distributed generation typically refers to small-scale 
renewable energy systems, such as rooftop solar panels. 
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around 715 jobs, create $124 million in economic output, and pay $54 
million in wages annually.   
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3.0 CARBON CAPTURE TECHNOLOGIES 

3.1 CURRENT AND EMERGING TECHNOLOGIES  

The capture of CO2 from industrial gas streams began in the 1930s, and a 
variety of approaches to separate CO2 from other gases have since been 
implemented.  Captured CO2 has been used for decades in the oil and 
natural gas industry and to produce food and chemical-grade CO2.  
Existing capture technologies are energy-intensive, making their 
application to coal-fired power plants and other industrial sources costly.  
Though CCUS technologies exist, scaling these existing processes up to a 
commercial level and fully integrating them with fossil fuel-based power 
generation has technical, economic, and regulatory challenges.   

Several integrated CCUS R&D and demonstration projects, many of which 
are supported by DOE as described in Section 2.3.2, are currently 
projected to begin operation in the U.S. by 2016.  These DOE-funded 
projects, plus others supported by federal loan guarantees, tax incentives, 
and state-level drivers, cover a large group of potential CCUS technology 
options.  In addition, research and technology development are 
simultaneously advancing by universities and private companies. 

3.1.1 Pre-combustion 

Pre-combustion capture is mainly applicable to IGCC plants.  IGCC 
technology is an alternative means of generating power and producing 
fuels and other chemical products using coal or other hydrocarbon fuels, 
such as petroleum coke, and biomass.   

An IGCC plant operates in a manner not unlike a chemical process plant 
or refinery in that gasification is used to convert solid or liquid fuels to a 
synthetic gas (syngas), which is then processed to remove sulfur 
compounds, tars, particulates, and trace contaminants like mercury prior 
to combustion.  Clean synthetic gas is produced and is then converted to 
electricity via a combustion turbine (CT) operating in a combined cycle 
configuration with a heat recovery steam generator (HRSG) and steam 
turbine.   

In recent years, IGCC has become a more attractive generating option due 
to its demonstrated environmental performance, thermal efficiency, 
feedstock flexibility, and by-product marketability.  The technology allows 
for power production with reduced emissions of certain pollutants (i.e., 
CO2, SO2, NOx, particulates, and mercury) and more favorable thermal 
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efficiency than conventional coal-fired plants, even when employing 
lower grade coals, such as high-sulfur eastern bituminous.    

IGCC technology has been demonstrated to produce lower levels of CO2 
emissions than conventional, pulverized coal facilities.  In addition, the 
technology also provides for an easier and more efficient CO2 capture 
option, making IGCC competitive with natural gas-fired facilities, from a 
CO2 perspective.  CO2 emissions from conventional coal combustion 
technologies are approximately 1 ton (0.9 MT) per MWh of electricity 
generated, compared to 0.4 to 0.6 ton (0.36  to 0.54 MT) per MWh (PPRP, 
2010b) from natural gas fired generation (e.g., combined cycle/simple 
cycle combustion turbines).  CO2 emission rates associated with IGCC 
installations in the U.S. are, on average, approximately 0.9 ton (0.82 MT) 
per MWh of electricity generated without CCUS, and an estimated 0.5 ton 
(0.45 MT) per MWh with CCUS (assuming 45 percent capture of total CO2 
generated) (PPRP, 2010b).   

Competing clean coal technologies, such as advanced supercritical (ASC) 
pulverized coal (PC) generating systems, and circulating fluidized bed 
(CFB) boilers also have cycle efficiencies comparable to IGCC designs.  
Each of these designs may have a complementary role to play in new 
power project development, specifically, when lower grade (high sulfur or 
high ash) coals are used. 

Similar to IGCC technology, feasibility studies in Europe are being 
conducted to demonstrate CCUS technology with ASC plants.  Early 
results from these studies indicate that ASC plants incorporating CO2 
capture via oxyfuel firing (see Section 3.1.2) will be competitive with 
gasification and pre-combustion capture methods, from a CO2 control 
level perspective.  In addition, new ASC coal-fired power plant designs, 
such as the Alstom Power facility (Hemweg 8) located in the Netherlands, 
and the Fortum Power facility (Meri Pori) located in Finland, have a 
design cycle efficiency of over 43 percent with steam conditions up to 
3,750 psi and 1,054°F.  This efficiency increase, compared to subcritical 
designs with efficiencies between 35 and 38 percent, translate to an 
approximate 20 percent reduction in CO2 emissions (Power Engineering, 
2004; EPA, 2006). 

Compared to other clean coal generation technologies, such as ASC or 
CFB, IGCC provides a more efficient and cost effective CO2 capturing 
option.  Capturing CO2 from syngas requires the addition of shift reactors 
to the treatment train.  In commercially available reactors, the following 
exothermic reaction occurs (Stephens, 2005; Elwell and Grant, 2005): 
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CO(g) + H2O(g)  CO2(g) + H2(g) + heat 

IGCC has two main operating advantages that can be used to capture CO2 

more efficiently than is possible with combustion technology.  First, the 
syngas has a high CO2 concentration, which increases by further 
converting the syngas CO to CO2 prior to combustion.  Second, IGCC 
gasifiers commonly operate under pressure (approximately 400 psi, in the 
case of the Wabash River facility located in Indiana) (Alvey, 2003; EPA, 
2006).  Higher concentrations of CO2 in the shifted gas, combined with the 
higher pressure, yields high CO2 partial pressures that allow the use of 
physical absorption rather than the more energy-intensive chemical 
absorption techniques required at lower CO2 partial pressures (observed 
in combustion-based flue gas) (Stephens, 2005; Elwell and Grant, 2005).  
Both of these conditions make recovery of the CO2 from the syngas much 
easier and more economical than direct capture from flue gas.  Based on 
industry projections in 2006, EPA estimated the costs of CO2 avoidance 
from IGCC with CCUS to be approximately $89 per MT of carbon (MT C) 
compared to $186/MT C for post-combustion capture from ultra-
supercritical PC boilers and $194/MT C for supercritical PC boilers (EPA, 
2006). 

The current plans for pre-combustion projects involve CO2 capture from 
IGCC power plants.  The specific projects funded by the DOE CCPI, 
described in Section 2.3.2, include the Summit Power Group’s Texas Clean 
Energy Project (TCEP), Hydrogen Energy California Project (HECA), and 
Southern Company’s Kemper Project. 

Summit Power Group’s TCEP is a new 400 MW IGCC facility in west 
Texas will gasify Powder River Basin coal and capture 90 percent, or 2.7 
million MT per year, of its CO2 emissions using a Selexol™ process 
(ITFCCS, 2010; TCEP, 2011).  The captured CO2 will be used for enhanced 
oil recovery (EOR) in the West Texas Permian Basin.  The TCEP 
power/poly-gen facility will also produce urea for the U.S. fertilizer 
market.  The project received its final air quality permit from the Texas 
Commission on Environmental Quality in December 2010 and 
construction is scheduled to begin in 2013. 

The HECA Project is a new 390 MW IGCC facility in south-central 
California will gasify petroleum coke and locally sourced coal and capture 
3 million MT of CO2 per year using a Rectisol® process (ITFCCS, 2010; 
Hydrogen Energy, 2011; Hallerman, 2013a).  The captured CO2 will be 
transported five miles via pipeline and injected into the Elk Hills oil field 
for EOR and subsequent permanent storage.  Hydrogen Energy, a 
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partnership between BP and Rio Tinto, filed a permit application for the 
project in late 2010 and the project has a projected start date of 2017. 

Southern Company’s Kemper Project is a new 582 MW IGCC facility in 
Mississippi will gasify Mississippi lignite and capture 3.0 million MT of 
CO2 per year using a Selexol™ process (ITFCCS, 2010; Mississippi Power, 
2011).  The captured CO2 will be injected into Denbury Resources’ 
Heidelberg oil field for EOR and subsequent permanent storage.  
Mississippi Power Company, a wholly owned subsidiary of Southern 
Company, initiated construction 2010 and the first deliveries of CO2 are 
expected in mid-2014. 

3.1.2 Oxy-combustion 

Oxy-combustion systems for CO2 capture rely on the combustion of coal 
or other fuels with relatively pure O2 diluted with recycled CO2 or 
CO2/steam mixtures in place of air.  Under these conditions, the primary 
products of combustion are water and CO2, with the CO2 purified by 
condensing the water.  This enables coal combustion in a nitrogen-
depleted atmosphere and results in the avoidance of NOx emissions.  The 
purified CO2 stream is compressed and can then be beneficially reused or 
stored in a geologic formation.  Figure 3-1 portrays the configuration of an 
oxy-combustion system for a coal-fired power plant. 

Figure 3-1 Oxy-Coal Combustion Power Plant Configuration 

 

Source:  FutureGen, 2011a. 
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This method of carbon capture requires the use of an oxygen production 
plant.  A commercial-scale, coal-fired, oxy-combustion power plant 
requires thousands of tons of oxygen each day (CCJ, 2011a).  Currently, 
the only commercially viable technology that will produce such large 
quantities of O2 is cryogenic distillation.  Cryogenic air separation unit 
(ASU) performances have vastly improved over the last 40 years.  It is 
estimated that power consumption has been cut almost in half, while 
distillation column productivity (i.e., flow per square meter) has increased 
three-fold (CCJ, 2011a).  Further technological advances are expected over 
the next decade to make this technology more economically attractive. 

Although there are currently limited applications of this technology in-
place, it is gaining increasing focus as a CCUS retrofit option for existing 
coal-fired power plants in the U.S. (NETL, 2011).  One example of a coal 
oxy-combustion demonstration project is taking place at a 30-MW pilot 
facility in Germany.  The lignite-fired Vattenfall power plant in eastern 
Germany (Schwarze Pumpe) has been operating since September 2008.  It 
is designed to capture 70,000 MT of CO2 per year (ITFCCS, 2010; 
Vattenfall, 2011).  The next step for this oxy-combustion demonstration 
effort will include a full-scale demonstration plant at Jänschwalde in 
Germany.  The Jänschwalde demonstration will be equipped with both 
oxy-combustion and post-combustion CO2 capture.  The current project 
schedule indicates that electricity will be delivered to the grid in 2015.  

A proposed large-scale project in the U.S., called FutureGen, would 
combine oxy-combustion and carbon capture technologies in a single, 
commercial-scale facility.  In cooperation with DOE, the FutureGen project 
partners will upgrade an existing oil-fired boiler at the Ameren Energy 
Resources’ power plant in Meredosia, Illinois, with oxy-combustion coal-
fired technology.  The plant is expected to capture approximately 1.3 
million MT of CO2 each year, which equates to more than 90 percent of the 
plant's carbon emissions (FutureGen, 2011a).  The new boiler will produce 
and send steam to an existing steam turbine generator to produce 
electricity.  The isolated CO2 at 97 percent purity will be transported via a 
32-mile-long pipeline and stored underground in the Mt. Simon sandstone 
formation, a deep saline reservoir located more than three quarters of a 
mile beneath the ground surface in Morgan County, Illinois (FutureGen, 
2011a).  Preliminary results from a nearly 5,000-foot characterization well 
completed in December 2011 indicate the formation is suitable for the 
proposed CO2 storage (FutureGen, 2011b). 

The total cost of the FutureGen project is estimated at $1.65 billion and is 
supported by a $1 billion commitment in federal funding from ARRA 
(Hiar, 2013).  Approximately $730 million of the budget is allocated for 
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retrofitting and repowering Ameren’s Meredosia power plant, with the 
remainder slated for the construction of a CO2 pipeline and storage 
facility, as well as a training and research center (FutureGen, 2011a).  A 
DOE-led National Environmental Policy Act (NEPA) environmental 
review and permitting by the Illinois Environmental Protection Agency 
will be completed prior to construction.  If approved, construction could 
begin in 2013, with carbon storage beginning in 2016.  The project is 
expected to create approximately 1,000 construction jobs in Illinois and 
another 1,000 indirect jobs in the state relating to the supply chain for the 
project (FutureGen, 2011a; Landis, 2012).   

The legal agreement between the FutureGen Alliance and DOE is to store 
at least 1.3 million MT/year of CO2 from Ameren’s Meredosia plant for 30 
years, which equates to 39.0 million MT of CO2 (FutureGen, 2011a).  In 
addition, DOE requested that the Alliance study the appropriateness of 
accepting CO2 from other sources, such as nearby power plants or an 
ethanol plant.  The project received approval from the Illinois Commerce 
Commission (ICC) on a plan requiring utilities, including Ameren and 
Commonwealth Edison, to buy electricity generated by the project (Hiar, 
2013).  DOE is now deliberating on whether the project should proceed to 
the design and engineering phase (Landis, 2012; Hiar, 2013). 

3.1.3 Chemical Looping 

Chemical looping combustion is a more recent technology that has a high 
potential to reduce the energy penalties and associated costs of existing 
CCUS technologies.  The chemical looping process, depicted in Figure 3-2, 
essentially separates solid fuel combustion into distinct oxidation and 
reduction reactions within two chambers.  A solid, such as calcium, iron, 
nickel, copper, or manganese, is reacted with oxygen in air and serves as 
an oxygen carrier.  The solid carrier then releases the oxygen in a separate 
reducing atmosphere and the resulting oxygen reacts with the fuel.  The 
solid carrier is then recycled back to the oxidation chamber where it is 
regenerated through contact with air.  This dual-chamber combustion 
process results in a hydrated CO2 stream that is concentrated through 
condensation.  A clear benefit of this process is that neither an ASU, 
typically required for oxy-combustion processes, nor a separate CO2 
separation process is required. 
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Figure 3-2 Limestone-based Chemical Looping Process 

 
Source:  NETL, 2009. 

Alstom Power, with support from DOE, is testing a 3-MW chemical 
looping process prototype in Windsor, Connecticut to demonstrate this 
technology.  Alstom’s process utilizes limestone as the solid oxygen 
carrier and is designed to process up to 1,000 lbs/hour of coal.  The design 
plans include having the technology ready for a 10 – 50-MW 
demonstration project between 2014 and 2016 that will out-perform steam 
power and IGCC technology performances and achieve a less than 20 
percent increase in the cost of electricity for retrofit applications (NETL, 
2011). 

Investigations into chemical looping technology are also being conducted 
through NETL’s Industrial Carbon Management Initiative (ICMI).  ICMI’s 
main research goals include industrial CO2 capture using chemical 
looping technology; storage of CO2 in shale gas reservoirs, such as the 
Marcellus Shale Formation, with potentially enhanced natural gas 
recovery; and the reuse of CO2 by photoactive and thermal conversion.  
The ICMI is tracking chemical looping demonstration projects and using 
industry data to develop design parameters and conduct modeling to 
evaluate the techno-economic feasibility and benefits associated with 
widespread chemical looping deployment (NETL, 2011). 
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3.1.4 Post-combustion 

Post-combustion capture, the most common capture option, entails 
N2/CO2 separation from a power plant’s flue gas downstream of its air 
pollution control systems.  The challenges of this method of carbon 
capture stem from: the high volume of flue gas that must be treated since 
the CO2 is dilute (13 to 15 percent by volume in coal-fired systems, and 3 
to 4 percent in natural gas-fired systems); trace impurities in the flue gas 
can interfere with capture materials; and the flue gas is at low pressure 
(near atmospheric), thereby requiring a large auxiliary power load to 
compress the CO2 to pipeline pressure (about 2,000 psi). 

The separation and capture of CO2 from the flue gas of power plants did 
not originate from concerns regarding climate change.  Instead, it initially 
gained attention as a possible inexpensive source of CO2, especially for 
use in EOR operations (see Section 5.5.3 for additional details on EOR).  
Several U.S. commercial plants that capture CO2 from power plant flue 
gas were constructed in the late 1970s and early 1980s.  However, when 
the price of oil dropped in the mid-1980s, the recovered CO2 became too 
expensive for EOR operations, effectively forcing the closure of these 
capture facilities (Herzog et al., 2009).  

Chilled Ammonia 

American Electric Power Company, 
Inc. (AEP), one of the largest 
consumers of coal in the Western 
Hemisphere, partnered with Alstom 
and began operating a fully integrated 
carbon capture and storage technology 
validation project at its existing 
Mountaineer Plant in 2009.  The 
Mountaineer Plant is a 1,330 MW coal-
fired power plant located on the Ohio 
River in New Haven, West Virginia.   

For the validation project, the 
Mountaineer Plant was retrofitted 
with Alstom’s patented chilled 
ammonia process to capture CO2 from 
a 20-MW portion of the plant’s flue 
gas.  Alstom’s process, shown in 
Figure 3-3, utilizes ammonium carbonate [(NH4)2CO3] to absorb CO2 from 
the plant’s flue gas downstream from the existing selective catalytic 

 
AEP’s Mountaineer Plant 
Source:  http:/cctft.org 
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reduction (SCR) and wet flue gas desulfurization (FGD) systems.  The flue 
gas is chilled to 35°F before the ammonium carbonate is introduced, 
which results in the formation of ammonium bicarbonate (NH4HCO3).  
The resulting slurry is pumped to a regenerator for CO2 removal and 
conversion back to carbonate so that the process may be repeated.  The 
cleaned flue gas flows back to the stack and the captured CO2 is 
compressed and sent for storage. 

This validation project operated between September 2009 and May 2011 
and achieved capture rates from 75 percent (design value) to as high as 90 
percent, CO2 purity of greater than 99 percent, and an availability of the 
carbon capture system greater than 90 percent.  In total, the plant operated 
approximately 7,900 hours, capturing more than 51,000 MT of CO2, and 
storing more than 37,000 MT of CO2 in the rock layers of the Copper Ridge 
and Rose Run formations approximately 1.5 miles beneath the facility 
(Bhattacharya, 2011).  Despite the quantity of captured CO2 being less than 
1 percent of the power plant’s total CO2 emissions, it represents the first 
ever demonstration project of its kind.   

Figure 3-3 Alstom’s Chilled Ammonia Process Diagram 

 
Source:  AEP, 2009 
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Following the success of the validation project, AEP was awarded funding 
(up to $334 million) by DOE under its CCPI program for 50 percent of the 
cost of building a commercial-scale carbon capture and storage 
installation at the Mountaineer Plant.  This project, originally scheduled to 
become operational in 2015, would have captured and stored 
approximately 1.5 million MT of CO2 annually, equating to a 90 percent 
removal of CO2 emissions from a 235 MW portion of the power plant’s 
flue gas.  However, in July 2011, AEP announced it would be placing the 
project on hold following the completion of the initial engineering and 
design work due to the uncertainty of federal climate legislation and the 
weakened economy (AEP, 2011). 

Amine-based 

There are several projects, existing and proposed, that have selected post-
combustion amine based CO2 capture.  One such project is within the 
State of Maryland.   

AES Warrior Run 

In 2000, the AES Warrior 
Run cogeneration plant in 
Cumberland, Maryland 
became one of the first 
plants in the U.S. to begin 
voluntary, commercial-
scale capture of CO2 from 
its flue gas.  This 180-MW 
generating facility utilizes 
circulating fluidized bed 
combustion technology, 
which apart from 
producing electricity, also 
supplies approximately 400 tons (380 MT) of steam each day to its 
adjacent CO2 production unit.   

CO2 is removed from a slip-stream of 2 – 3 percent of the plant’s total flue 
gas stream using an ABB Lumus monoethylamine (MEA) flue gas 
scrubber system.  The extracted CO2 is then purified to a 99.99 percent 
purity level using carbon filters and molecular sieves.  The purified CO2 is 
stored under pressure in large, steel storage tanks until it can be shipped 
off-site for use in fire extinguishers, dry ice production, and in the food 
and beverage industry.  The facility currently captures approximately 
110,000 MT per year (96 percent) of the CO2 emissions in the slip-stream, 

AES Warrior Run Power Plant 
Source:  EPRI, 2008 
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which is 14 percent CO2 by volume.  There has been on-going discussion 
of capturing of additional CO2 at this facility for use in a possible geologic 
sequestration pilot test.  

Searles Valley Minerals  

At the Searles Valley Minerals soda ash plant in Trona, California, 
approximately 270,000 MT per year of CO2 are captured from the flue gas 
of a coal power plant with an amine-based scrubber and used for the 
carbonation of brine in the process of producing soda ash (ITFCCS, 2010).  
This plant began operation in 1978 and continues today (Herzog et al., 
2009). 

Boundary Dam Integrated CCUS Demonstration Project  

Saskatchewan Power Corporation (SaskPower) has teamed with Cansolv 
Technologies Inc., a subsidiary of Shell to develop the Boundary Dam 
Integrated Carbon Capture and Storage Demonstration Project in Estevan, 
Saskatchewan.  This project involves the rebuild of an aging 150-MW 
lignite-fired unit to 115 MW with full integration of a regenerable amine 
SO2 and CO2 capture system, which is portrayed in Figure 3-4.  The project 
is designed to capture 1 million MT CO2 each year, which will be used for 
EOR in nearby oil fields.  The captured SO2 will be used as a key feedstock 
for the local fertilizer industry.  Total project costs are estimated at $1.5 
billion; however, revenue from the sale of CO2 and SO2 is expected to help 
offset the project costs (MIT, 2011).  In addition, the Boundary Dam project 
received $240 million in funding from the Canadian government.  Project 
construction began in July 2011 shortly after government approvals were 
received and it is anticipated to be operational in late 2013 (CCJ, 2011b; 
CCJ, 2013). 
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Figure 3-4 Boundary Dam Project Process Diagram 

 
Source:  SaskPower, 2012 

Other Proposals 

Several proposed amine-capture projects have been funded by DOE’s 
CCPI, including Basin Electric’s North Dakota Project and NRG Energy’s 
Parish Project.  The Basin Electric project entails amine-based capture of 
900,000 MT per year of CO2 from a 120 MW equivalent slip-stream at a 900 
MW lignite-fired North Dakota power plant.  The captured CO2 would be 
used in an EOR application and/or stored in deep saline aquifers.  
However, following the results of a Front-End Engineering and Design 
(FEED) study, Basin Electric decided in December 2010 to place the project 
on hold.  The FEED study, coupled with an assessment of the additions 
necessary at the plant, financing, and sequestration costs indicated that a 
demonstration-scale project could cost as much as $500 million.  Basin 
Electric also cited other factors affecting its decision, such as an 
underdeveloped market for CO2 for EOR in the region, uncertainty of 
environmental legislation, and the lack of a long-term energy strategy in 
the U.S. (ITFCCS, 2010; Basin Electric, 2010). 

NRG Energy is developing an amine-based capture project designed to 
capture 400,000 MT per year of CO2 using Fluor’s Econamine FG Plus CO2 
capture technology from a 60 MW equivalent slipstream at the 617-MW 
W.A. Parish Generating Station located in Thompsons, Texas (ITFCCS, 
2010; CCJ, 2010).  This capture technology has the potential to lower the 
energy consumption of existing amine-based CO2 capture processes by 
more than 20 percent (CCJ, 2010).  The captured CO2 will be compressed 
and transported by pipeline to a mature oil field for injection into geologic 
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formations for EOR and ultimately permanent storage.  Injection is 
scheduled to begin in 2014. 

In addition to the CCPI projects discussed above, according to its website 
AEP recently signed an agreement to evaluate the feasibility of China 
Huaneng Group's proprietary amine-based CO2 capture technology for 
retrofitting a supercritical coal-fired generating unit with characteristics 
similar to AEP’s Mountaineer Plant in West Virginia.  The proposed study 
will consider the design, process and environmental performance, cost 
and process integration details of the technology.     

K2CO3/Piperazine (PZ) 

A post-combustion capture technology that had been considered by 
Exelon for its Maryland generation fleet is Colorado Springs-based 
Neumann Systems Group’s proprietary NeuStreamTM-C process for post-
combustion CO2 capture.  This technology involves the use of the 
NeuStreamTM-S process for the removal of the sulfur from flue gas to less 
than 10 parts per million (ppm), equating to 97 percent removal 
(Neumann, 2010).  Subsequently, K2CO3/PZ mixture is introduced in an 
adsorber to capture CO2 and is then fed through a stripper for CO2 
separation.   

Bench- and pilot-scale testing has demonstrated energy, water, cost, and 
space savings were comparable to traditional amine-based capture 
methods.  A demonstration project using a modular > 60 MW system is 
being planned for 2013 – 2015 at Colorado Springs Utilities’ (CSU's) Drake 
power plant, and installation is expected to cost $80 million.  A 
conventional scrubber would require ten times the footprint at the facility 
and would cost between $150 million and $160 million.  The NeuStream 
technology will allow CSU to continue using the Drake plant, which 
supplies 60 percent of the city's electricity (Gillentine, 2011). 

3.1.5 Economic and Energy Costs 

One of the most common concerns regarding the implementation of CCUS 
technologies is the large expense, both capital and operating costs.  DOE 
analyses indicate that the addition of currently available pre-combustion 
CO2 capture and compression technology to a new 550-MW net output 
IGCC power plant increases the capital cost by approximately $400 
million (roughly 25 percent) (ITFCCS, 2010).  For a new, similarly sized 
supercritical PC plant, post-combustion and oxy-combustion capture 
would increase capital costs by approximately $900 million (80 percent) 
and $700 million (65 percent), respectively.  Implementing post-
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combustion CO2 capture on a new, similarly sized natural gas combined 
cycle (NGCC) plant would increase the capital cost by $340 million (80 
percent).  In terms of cost per MT of CO2 avoided2, values range from 
$60/MT for IGCC to $114/MT for NGCC.  Figure 3-5 illustrates the costs 
of each generation technology with and without CCUS.  Approximately 
70–90 percent of the cost is attributed to capture and compression.  As 
mentioned earlier, some of this cost could be offset by the use of CO2 for 
EOR or enhanced gas recovery (EGR); however, these options may not be 
available for all projects. 

Table 3-1 shows the projected cost of electricity (COE) increase and 
associated energy penalties, or reduction in energy output for a given 
facility due to the energy requirements of CO2 capture, for each type of 
capture technology.  The COE for an IGCC power plant without CCUS is 
higher than that for a PC power plant.  Using the Selexol™ process to 
capture CO2 at an IGCC power plant increases the COE by approximately 
40 percent relative to the same plant without a capture system.  The 
energy penalty for capturing and compressing 90 percent CO2 in pre-
combustion IGCC applications is approximately 20 percent (DOE, 2010b).   

By comparison, installing current amine post-combustion CO2 capture 
technology on new conventional subcritical, supercritical, and ultra-
supercritical coal-fired power plants would increase the COE by about 80 
percent relative to the same plant without a capture system.  In addition, 
the large quantity of energy needed to regenerate the amine solvent and 
compress the CO2 to pipeline conditions would result in an energy 
penalty of approximately 30 percent (DOE, 2010b). 

Oxy-combustion power plants require substantial capital cost and energy 
consumption for a cryogenic ASU to produce oxygen, boiler air 
infiltration (mainly N2), and excess O2 contamination in the CO2 stream.  
The construction of a new supercritical oxy-combustion coal-fired power 
plant equipped with a commercially available cryogenic ASU would 
increase the COE by about 60 percent and have a 25 percent energy 
penalty compared to a new supercritical air-fired, coal-based power plant 
without CO2 capture (DOE, 2010b). 

                                                 
2 The dollar per tonne (MT) of CO2 avoided is the incremental cost of CO2 emissions avoided by 

applying CCS and is compared to a similar facility without CO2 capture.  It is calculated by 
dividing the difference in COE ($/MWh) by the difference in CO2 emissions with and 
without CO2 capture (MT/MWh). 
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In addition to energy consumption, the implementation of CO2 capture 
and compression requires large quantities of cooling water.  As part of 
recent DOE/NETL studies, subcritical PC, supercritical PC, oxy-
combustion, and IGCC configurations, both with and without CO2 
capture, were evaluated for a variety of factors including water 
withdrawal and consumption.  Their findings were that CO2 capture will 
necessitate a significant increase in water use by subcritical and 
supercritical PC plants (80 to 90 percent), with more modest increases for 
IGCC and oxy-combustion plants (35 to 60 percent), while maintaining a 
constant net power output (ITFCCS, 2010). 

Figure 3-5 CCUS Costs for Different Types and Configurations of Power Plants 

 
LCOE – Levelized Cost of Electricity; a cost of generating electricity for a particular 
system.  It is an economic assessment of the lifetime cost of the energy generating system, 
including initial investment, operations and maintenance, cost of fuel, cost of capital. 
Source:  ITFCCS, 2010. 
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Table 3-1 Projected COE Increases, Energy Penalties, and Water Consumption 
Increases for CCUS Applications 

Capture Technology Projected COE 
Increase 

Projected Energy 
Penalty 

Projected Water 
Consumption Increases 

 Pre-combustion 
(IGCC) 

 Oxy-combustion 

 Chemical looping 

 Post-combustion 

 40 percent 
 

 60 percent 

 20 percent 

 80 percent 

 20 percent 
 

 25 percent 

 4 percent 

 30 percent 

 35 – 60 percent 
 

 35 – 60 percent 

 N/A 

 80 – 90 percent 

Source:  ITFCCS, 2010; NETL, 2011; DOE, 2010b. 

Compared to other low-carbon technologies, such as wind power and 
solar energy, carbon capture and storage has been shown to have a more 
favorable cost per MT of CO2 avoided.   Figure 3-6 compares the relative 
costs of large-scale abatement technology options and shows that carbon 
capture technologies remain a cost competitive low-carbon technology for 
the power generation sector.  Negative avoided costs can occur if the cost 
of the low-carbon technology is less than the fossil fuel technology. 

Figure 3-6 Comparative Costs of CO2 Avoided 

 
Note:  For all technologies, except gas-fired CCS plants, the amount of CO2 avoided is 
relative to the emissions of a supercritical pulverized coal plant.  For gas-fired CCS, the 
reference plant is an unabated combined cycle plant.   
Source:  Global CCS Institute, 2012a. 
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3.2 REGULATORY STATUS/ISSUES 

As described in Section 2.3.1, one requirement of the Clean Air Act that 
specifically applies to CO2 capture is Subpart PP of the GHG Reporting 
Program.  Facilities that capture CO2 will be required to regularly monitor 
and report their emissions, as specified under 40 C.F.R. Part 98, Subpart 
PP.  This Subpart applies to: all facilities with CO2 production wells, 
which are wells that extract CO2 from underground storage locations, 
such as geologic formations; facilities that capture and supply CO2 for 
commercial applications; facilities that capture and maintain custody of a 
CO2 stream to sequester or otherwise inject it underground; and to 
importers and exporters of bulk CO2. 

Other relevant Clean Air Act provisions may apply to the capture of CO2.  
For example, the NNSR Program requires an existing major stationary 
source that undergoes a “major modification”, resulting in a “significant 
increase in emissions” to install state-of-the art pollution control 
equipment.  As described previously, energy is needed to capture and 
compress CO2.  This energy could be derived from diverting some of the 
energy produced by the facility, or by using energy from an off-site 
source.  However, if a plant increases its production of energy to 
compensate for that loss, and if that results in a significant increase in 
emissions of other regulated air pollutants, the plant could be required to 
upgrade the balance of its air pollution control equipment. 

3.3 NEW VS. EXISTING POWER PLANTS AND IMPLICATIONS FOR 
MARYLAND 

Current and emerging technologies may be considered to capture CO2 
from new and existing fossil energy power plants in Maryland.  However, 
these technologies have not been demonstrated at the scale necessary to 
establish confidence for widespread power plant application.  As 
described in Section 2.0, electricity consumption in the U.S. is expected to 
grow slowly, but steadily, through 2035 under current Administration 
policy, and coal will remain a large portion of that electricity fuel mix.  
This relatively low growth rate implies that the bulk of power sector 
emission reductions will need to come from the existing fleet of electric 
power plants, making the availability of cost-effective retrofits an 
important issue (ITFCCS, 2010).  At the present time, post-combustion 
CO2 capture is the most technologically viable option for retrofitting 
existing power plants; however, these technologies have the greatest 
energy penalties and associated increases in COE (see Section 3.1.5).   
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Due to the promulgation of new and proposed federal regulations 
pertaining to GHGs from the electricity generating sector, many anticipate 
that few new coal-fired power plants will be proposed in the U.S.  In fact, 
a shift to natural gas-fired electricity generation is already occurring.  
However, if proposed, new coal-fired facilities will likely need to 
implement CO2 capture, transport, and beneficial use or storage to meet 
the new GHG NSPS, as described in Section 2.3.1.  The incremental capital 
costs of incorporating carbon capture technologies into an IGCC power 
plant design are estimated to be lower ($400 million) than that of a new 
PC power plant with oxy-combustion ($700 million) or post-combustion 
($900 million) capture; however, the costs of constructing the plant itself 
are typically higher.  In addition, IGCC power plants demonstrate a lower 
energy penalty and smaller projected COE increase.  A new NGCC power 
plant would have even lower capital costs associated with the addition of 
carbon capture at $340 million.   

At present, power plant retrofits and industrial applications would most 
likely use integrated post-combustion capture.  However, some of the 
challenges associated with retrofitting existing plants include the size and 
space requirements for CO2 capture process equipment, which are notably 
greater than those for conventional air pollution controls.  Installation will 
have to be completed around a plant’s existing equipment and space 
constraints.  Another retrofit issue relates to the steam energy required for 
solvent regeneration.  Diversion of power plant steam requires careful 
integration of the steam cycle and the CO2 capture technology (ITFCCS, 
2010).  Proximity to a suitable geologic sequestration site or CO2 use 
application and/or a CO2 pipeline will be a challenge for most existing 
power plants. 
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4.0 CO2 TRANSPORTATION 

While numerous efforts are being conducted to understand the behavior 
of injected CO2 in storage formations, and to develop rules for the siting of 
injection sites, relatively less attention has been paid to CO2 transportation 
infrastructure issues that could arise (Nordhaus and Pitlick, 2009).  
Transportation infrastructure is required to move CO2 from the source to 
the storage or beneficial use site.   

To implement CCUS on the scale necessary to reduce atmospheric CO2 
concentrations, the transportation of CO2 must be greatly expanded 
beyond current capacities.  Even though CO2 transportation will likely be 
less costly than CO2 capture, developing a transportation infrastructure to 
accommodate future CCUS projects may encounter challenges regarding 
technology, cost, regulation, policy, rights-of-way, and public acceptance.  
However, given that CO2 pipelines exist today and the similarity of this 
infrastructure to natural gas pipelines that have been developed, 
including in Maryland, these challenges are not expected to be major 
barriers to deployment (ITFCCS, 2010). 

4.1 CURRENT CO2 TRANSPORT METHODS 

4.1.1 CO2 Pipelines  

Typically, captured CO2 emissions are highly pressurized and transported 
through pipeline networks to storage sites.  The history of transporting 
CO2 via pipelines in the U.S. spans nearly 40 years.  Approximately 50 
million MT of CO2 are transported in the U.S. each year through 
approximately 4,000 miles of pipelines (ITFCCS, 2010; PTTF, 2010).  The 
CO2 is transported mainly to oil fields in Texas and New Mexico for EOR.  
These pipelines are depicted on Figure 4-1, which shows there are no CO2 
pipelines in Maryland or any of its neighboring states. 
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Figure 4-1 Existing CO2 Pipelines in the U.S. 

 

Source:  Western Maryland Regional GIS Center, Frostburg State University, 2012. 
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At present, CO2 sources include naturally occurring geological formations, 
a few large natural gas processing plants, and one large coal-to-gas 
manufacturing facility.  Transporting CO2 via pipelines presents 
opportunities for cost sharing if multiple capture facilities could use part 
or all of the same pipeline system to become fully integrated with storage 
sites (ITFCCS, 2010).  Many of the design considerations and technology 
requirements for the transmission of CO2 via pipelines are already being 
used in applications involving CO2 for EOR and in the oil and gas sector 
in existing hydrocarbon pipeline applications.  Accordingly, the oil and 
gas industry can provide valuable information as the CO2 pipeline 
network evolves to accommodate a growing number of CCUS projects.   

Large-scale CCUS will undoubtedly 
require large-scale infrastructure and 
significant capital investments to 
effectively move CO2 from a capture 
facilities to viable storage formations.  In 
2009, Environmental Resources 
Management completed a study 
(Chrysostomidis, et al., 2009) 
commissioned by the CO2 Capture 
Project (CCP) to evaluate the benefits and risks associated with the 
development of CO2 pipeline systems.  The CCP is a global partnership of 
the world’s leading energy companies.  CCP collaborates with academic 
institutions and government organizations to research and develop CO2 
capture and geological storage technologies (CCP, 2010).  The CCP is 
currently in the third of its three phases.  A collection of authoritative 
technical findings were published by the CCP upon completion of the first 
phase in 2004 and the second in 2009.  

The ERM/CCP study (Chrysostomidis, et al., 2009) evaluated two 
approaches to developing CO2 pipeline systems:  a point-to-point based 
system, which matches a specific source to a specific storage location 
without regard for concurrent or future CO2 pipeline development; and a 
pipeline network system, which includes a backbone pipeline, allowing 
for common transmission of CO2 from multiple sources to multiple 
storage locations.  An example of a pipeline backbone system is illustrated 
in Figure 4-2. 

A 2009 study prepared for the 
Interstate Natural Gas Association of 
America Foundation found that, for 

widespread deployment of CCUS, the 
length of pipeline needed to transport 

CO2 will be in the range of 15,000 
miles to 66,000 miles by 2030  
(PTTF, 2010; ITFCCS, 2010). 
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Figure 4-2 Example Backbone Pipeline Schematic 

  

Source:  Adapted from Chrysostomidis, et al., 2009. 

The ERM/CCP study found that a combination of the two approaches 
that were investigated will likely be the most optimal approach, with 
individual projects driving the scope for development of a pipeline 
network.  However, this network establishment will require long-term 
planning with a focus on future development of CCUS projects.  An 
integrated backbone network will need capacity guarantees to make 
development economically feasible; therefore, public policy that 
encourages the development of such networks with support of capacity 
utilization will be necessary, especially in the first several years when 
capacity is ramping up. 

Economic and Design Considerations  

The design (length, diameter, pipe thickness, etc.) of a CO2 pipeline and, 
therefore, the associated costs are highly dependent upon site specific 
variables (see Table 4-1).  However, cost studies completed in the fall of 
2009 indicate that the total cost of construction, including the right-of-way, 
materials, engineering and overhead, and labor, for a typical 50-mile, 16-
inch diameter pipeline would be about $49.6 million (PTTF, 2010).  If a 30-
year life of the pipeline is assumed, then the cost of the line will be 
approximately $0.55 per ton ($0.61/MT) of CO2 transported (PTTF, 2010).  
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A model prepared by Carnegie Mellon University in 2004 showed that the 
majority of the capital cost for a CO2 pipeline resides with the labor 
necessary for installation (PTTF, 2010). 

Table 4-1 Investment Estimates and Design Parameters for CO2 Pipelines 

Criteria Cost per Inch-Mile 
Low (flat, rural, agricultural) $45,000 - $60,000  

High (mountains, urban, congested) $75,000 - $90,000 
 6-inch 8-inch 10-inch 12-inch 16-inch 
MMcf/d 45 75 120 160 275 
MT/yr 855,000 1,426,000 2,281,000 3,042,000 5,228,000 

MMcf/d = million cubic feet per day 

Source:  PTTF, 2010. 

Pipeline Risks and Safety 

Although CO2 pipelines are, in many ways, similar in design and 
operation to natural gas pipelines, CO2 is normally transported as a 
supercritical fluid3, which presents some unique challenges.  When held at 
or above its critical temperature (approximately 88°F) and pressure 
(approximately 1,071 psi), CO2 adopts properties of both a gas and a 
liquid, whereas it expands to fill its container like a gas, but flows with a 
density like a liquid.  To maintain CO2 in a supercritical state, it is 
transported at pressures ranging from 1,200 to 2,700 psi, which are higher 
than the operating pressures employed for most natural gas pipelines 
(typically 200 to 1,500 psi).  Accordingly, CO2 pipelines have thicker walls 
and periodic booster stations must be installed to maintain the pressure 
(PTTF, 2010).  These variations may result in a cost increase for the 
construction of a CO2 pipeline over a standard natural gas pipeline. 

Due to the supercritical state of transported CO2, there are inherent risks 
associated with CO2 pipelines.  These risks include pipeline damage, 
corrosion, and leaks/blowouts; however, these are reasonably rare events.  

                                                 
3 Supercritical CO2 is a fluid state of CO2 where it is held at or above its critical temperature and 

critical pressure.  Carbon dioxide usually behaves as a gas in air at standard temperature and 
pressure (STP), or as a solid called dry ice when frozen. If the temperature and pressure are 
both increased from STP to be at or above the critical point for CO2, it can adopt properties 
midway between a gas and a liquid. More specifically, it behaves as a supercritical fluid 
above its critical temperature (31.1°C) and critical pressure (72.9 atm/7.39 MPa), expanding 
to fill its container like a gas but with a density like that of a liquid. 
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Between 1986 and 2008, there were 12 accidents associated with 3,500 
miles of CO2 pipelines and no human injuries or fatalities were reported 
(PTTF, 2010).  Industry methods to ensure safe operation of these 
pipelines are the inclusion of fracture arrestors approximately every 1,000 
feet, block valves to isolate leaking pipe sections, the use of high 
durometer elastomer seals, and automatic control systems that monitor 
volumetric flow rates and pressure fluctuations.  Other methods include 
aircraft and/or satellite monitoring of pipeline rights-of-way, 
implementation of periodic corrosion assessments, and internal cleaning 
and inspection using pipeline “pigs” (PTTF, 2010). 

The U.S. Department of Transportation Office of Pipeline Safety sets and 
enforces standards for the safe operation of CO2 pipelines, including 
design, pipe, valves, fittings, flange connections, welding, breakout tanks, 
leak detection, inspection, pumps, compressors, etc.  CO2 is not 
considered a hazardous liquid and the siting of new CO2 pipelines is not 
federally regulated.  Instead, they are only currently subject to regulation 
by the states.  An exception to this is interstate pipelines, which are also 
subjected to approval by the Federal Energy Regulatory Commission. 

Regulatory Issues and Developments 

Several recent publications have recommended that the regulation of 
pipelines is best handled at the state level, without increases in federal 
oversight.  A study published in the Energy Law Journal (Nordhaus and 
Pitlick, 2009) found that existing CO2 pipelines are best regulated at the 
state level.  However, Nordhaus and Pitlick also determined that new CO2 
pipelines should be given the option to apply for a federal permit for 
construction and operation, similar to those existing for natural gas 
pipelines, which would exempt the project from state siting requirements 
and allow for eminent domain.   

A December 2010 report issued by the Pipeline Transportation Task Force 
(PTTF) suggests a private model dominated by state, not federal, 
regulation may be the best path toward a multistate network of CO2 
pipelines.  The PTTF was formed in 2009 and is composed of regulators, 
policymakers, and industry representatives, and led by the Interstate Oil 
and Gas Compact Commission (IOGCC) and the Southern States Energy 
Board, and is backed financially by DOE.  The Southeast Regional Carbon 
Sequestration Partnership collaborated with the IOGCC during the 
development of the report.   

The PTTF’s study focused on overcoming the transportation hurdles, 
including legal, regulatory, economic, environmental and public 
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acceptance issues, associated with CO2 underground storage.  The study 
findings indicate that the current level of federal oversight for CO2 
pipelines is sufficient; however, the PTTF recommends a federal role that 
provides incentives for private pipeline development.  The study also 
emphasized the role of CO2 as a commodity, particularly for EOR 
applications, and notes that EOR sinks throughout the U.S. can serve as 
significant anchor points for future CO2 pipeline construction to mitigate 
the costs of transporting CO2 long distances. 

 

In March 2011, the Governor of Kentucky signed two pieces of legislation 
that will help facilitate the development of CCUS use projects in 
Kentucky.  Senate Bill 50 extends eminent domain rights to CO2 pipeline 
developers, such that private companies would be able to obtain 
easements that cross private property (NETL, 2010c).  Kentucky had 
already allowed the use of eminent domain for oil and gas pipelines.  
Separately, House Bill 259 enables Kentucky to pursue CO2 storage 
demonstration projects, such as storing CO2 from a proposed synthetic 
natural gas production project within the state (Coal Age, 2011).  The 

PTTF Report Recommendations 

General Recommendations 

 Federal involvement is not required to facilitate the development of CO2 pipelines. 
 Growth is occurring in CO2-driven EOR using anthropogenic CO2 along with the 

necessary pipeline infrastructure. 
 Non-EOR CO2 storage and transportation opportunities can be delayed until they 

are economically or politically mandated. 
 Ensure that a pipeline transporting CO2 for storage-only purposes is not viewed 

less favorably by the public than pipelines transporting CO2 for EOR. 

State Recommendations 
 State-based regulatory solutions for CO2 pipelines should be carefully considered 

before pursuit of additional federal regulation.  Any policy decision should promote 
flexibility and innovation in response to market conditions. 

 States should implement statutes and regulations to approve, site, construct, and 
manage CO2 pipelines to meet EOR demands or in response to a federal mandate. 

 States should consider creating separate pipeline authorities to foster pipeline 
build-out.  In lieu of additional federal regulation, states should consider multi-
state agreements to regulate a national CO2 pipeline network. 

 States should quantify and distribute information relating to jobs and public 
revenue resulting from CO2-driven EOR pipelines. 

Federal Recommendations 
 Federal policy should retain the status quo and allow the private sector to respond 

to market demands as currently demonstrated. 
 If the federal role in approving, siting, or developing economic regulation is 

expanded, the federal model should closely follow the natural gas model. 
 Federal policy should encourage private sector build-out for CO2–driven EOR 

through incentives and other forms of non-regulatory support. 
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passage of these bills will benefit companies, such as Denbury, a Texas-
based independent oil and natural gas company that is currently 
evaluating the construction of a 700-mile-long pipeline to transport CO2 
from proposed coal gasification facilities in Illinois, Indiana, and Kentucky 
to an existing Denbury CO2 pipeline near Tinsley, Mississippi (see Figure 
4-1). 

Recent Studies and Advances 

In April 2010, Det Norske Veritas (DNV) completed the development of 
standard reference guidelines for on-shore and submarine pipelines that 
transmit dense, high pressure CO2.  DNV developed the guidelines as a 
Joint Industry Project (JIP), called CO2PIPETRANS, in collaboration with 
ArecelorMittal, BP, Chevron, Dong Energy, Gassco, Gassnova, ILF 
Consulting Engineers, Petrobras, Shell, StatoilHydro, and Vattenfall.  The 
guidelines also acknowledge the Health and Safety Executive in the UK, 
the State Supervision of Mines in the Netherlands, and the Petroleum 
Safety Authority in Norway as observers.  DNV is an independent 
foundation with the objectives of safeguarding life, property and the 
environment, at sea and on-shore, by undertaking classification, 
certification, and other verification and consultancy services relating to 
ships, off-shore units and installations, and on-shore industries 
worldwide, and conducting related research. 

These guidelines were developed to help CO2 pipeline designers and 
operators minimize and manage uncertainties and risk and to supplement 
existing pipeline regulations that do not address issues specific to the 
transport of CO2, such as U.S. Federal Code of Regulations, ASME 
Standards B31.4 and B31.8, IP6, BS EN 14161, BS PD 8010, API RP1111, 
ISO 136234, and DNV OS – F1015 (DNV, 2010; Eldevik, 2008).  They apply 
to new off-shore and on-shore pipelines that transport fluids containing 
mainly CO2, the conversion of existing pipelines to transport CO2, the 
transportation of CO2 captured from hydrocarbon streams and from 
anthropogenic CO2, the transport of CO2 associated with EOR and other 
large-scale applications (DNV, 2010).   

                                                 
4 ISO 13623:2009 specifies requirements and gives recommendations for the design, materials, construction, 

testing, operation, maintenance and abandonment of pipeline systems used for transportation in the 
petroleum and natural gas industries. 

5 This DNV standard gives criteria and guidance on concept development, design, construction, operation and 
abandonment of Submarine Pipeline Systems. 
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During the development of the CO2 pipeline guidelines, a set of 
knowledge gaps was identified, which included CO2 release modeling 
validation, full-scale fracture arrest, corrosion rates at high CO2 partial 
pressures, material compatibility for polymers and elastomers, the effects 
of impurities, and hydrate formation (DNV, 2009).  DNV is evaluating 
these topics during Phase 2 of the CO2PIPETRANS project. 

Recently, the Integrated CO2 Network (ICO2N) and the Petroleum 
Technology Alliance of Canada (PTAC) initiated a study to determine the 
purity requirements for the capture, transport, and storage of CO2 (NETL, 
2010a).  The study will evaluate CO2 contaminants, temperature, and 
pressures, in addition to purity and cost effectiveness of CCUS. 

Proposed Projects 

As described previously, Denbury is currently planning the construction 
of a 700-mile-long CO2 pipeline to connect several proposed coal 
gasification facilities in Illinois, Indiana, and Kentucky to an existing 
Denbury CO2 pipeline network near Tinsley, Mississippi.  If constructed, 
this CO2 pipeline will be the longest in the U.S. 

Denbury also recently completed construction of the Greencore Pipeline, 
as shown on Figure 4-1.  The Greencore Pipeline is a 232-mile, 20-inch 
pipeline built to transport CO2 from CO2 sources to mature and depleted 
oil fields where it will be used for EOR.  The first segment of the pipeline 
starts at the Lost Cabin Gas Plant in Fremont County, Wyoming and runs 
northeast through the state.  It will then run into southeast Montana, 
where it will initially terminate at the Bell Creek Field located in Powder 
River County.  This pipeline will be part of the company’s CO2 pipeline 
infrastructure in the Rocky Mountain Region. Initially, the pipeline will 
transport 50 million cubic feet of CO2 per day (MMcf/d), but has the 
capacity to accommodate up to 725 MMcf/d (Hallerman, 2013b). 

In another example, the Alberta Carbon Trunk Line is a proposed 149-mile 
CO2 pipeline that would carry and store more than 12.7 million MT of CO2 
each year.  The pipeline will initially connect a carbon capture unit at an 
existing Agrium fertilizer plant producing ammonia and North West 
Upgrading’s new heavy oil refinery in Redwater, Alberta to depleted 
Canadian oil fields for use in EOR.  Construction of the Agrium carbon 
capture unit is underway and the pipeline is expected to become 
operational in 2013, with a plan to expand the pipeline in the future to 
connect to additional depleted oil fields (NETL, 2010a; NETL 2010b; 
Global CCS Institute, 2012b).  The Canadian and Alberta governments will 
invest approximately $525 million for the Trunk Line that will be 
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constructed and operated by Enhance Energy.  When fully operational, 
the project is expected to transport and ultimately store 14.6 million MT of 
CO2 annually, six times more CO2 than the Weyburn project described 
below (Enhance Energy, undated). 

Existing Projects 

To-date, there have been a limited number of CCUS projects that have 
transitioned from prototypes to successful full-scale ventures.  One of the 
first of these projects is the Sleipner Project.  Sleipner is a natural gas field 
located in the North Sea off the Coast of Norway.  The gas produced from 
this field contains significant quantities of CO2 that must be removed for 
the gas to be sold.  Rather than discharge the CO2 to the atmosphere and 
pay a significant tax on each ton of CO2 released, the firm extracting the 
gas, Statoil, captures the CO2 and injects it into a deep saline formation 
called Utsire. 

Another project which has proven to be a successful end-to-end CCUS 
operation is the Weyburn-Midale CO2 Project.  This project, which began 
its initial assessment phase in 2000, involves capturing CO2 from the 
lignite-fired Dakota Gasification Company synfuels production plant 
located in North Dakota.  The CO2 is transported via pipeline 205 miles 
and then injected into the Weyburn oilfield in Canada (Figure 4-3).  The 
CO2 is utilized to increase oil and gas extraction from Weyburn, which 
previously had declining production rates.   

The Weyburn Project is particularly significant as it demonstrates 
beneficial re-use of CO2 that would otherwise have been emitted to the 
atmosphere.  It is anticipated that the Weyburn Project will produce a 
minimum of 122 million barrels of incremental oil, through miscible or 
near-miscible displacement with CO2.  This will extend the life of the 
Weyburn field by approximately 20-25 years, with an estimated total 
increase in oil recovery of 34 percent.  This project is the first example of 
cross-border transfer of CO2 from the U.S. into Canada.  

As described in Section 2.3.2, DOE is funding extensive research and on-
going projects related to CCUS.  These projects include new IGCC 
facilities, a new oxy-combustion power plant, and the retrofit of existing 
facilities with post-combustion capture technology.  The captured CO2 will 
be transported mainly for use in EOR applications, such as: 

 The Summit Power Group’s TCEP Project, which will inject up to 
2.7 million MT of CO2 per year from a new IGCC facility into the 
West Texas Permian Basin;  
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 The HECA Project, which will inject up to 1.8 million MT of CO2 

per year from a new IGCC facility into the Elk Hills oil field facility 
in south-central California;  

 The Southern Company Kemper Project, which will inject up to 1.8 
million MT of CO2 per year from a new IGCC facility into Denbury 
Resources’ Heidelberg oil field in Mississippi; and 

 NRG Energy’s Parish Project, which will inject up to 0.4 million 
MT of CO2 per year from the existing W.A. Parish Generating 
Station into a nearby mature oil field, located in Thompsons, Texas, 
for EOR and ultimately permanent storage. 

Figure 4-3 Location of CO2 Pipeline from North Dakota to Canada 

 
Source:  Petroleum Technology Research Centre, 2011. 
http://www.ptrc.ca/weyburn_overview.php   

4.1.2 Other CO2 Transport Methods 

Carbon dioxide may also be transported from capture location to its 
destination (for storage or use) via tankers and ships.  However, due to 
intermittency from batch operations (i.e., non-continuous transport) and 
capacity constraints, these modes of transportation are mainly employed 
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in smaller scale applications, such as in the food and beverage industries, 
and are limited for massive-scale CCUS applications. 

As described in Section 3.1.4, the AES Warrior Run cogeneration plant in 
Cumberland, Maryland has been transporting 110,000 MT per year of CO2 
via tanker trucks since 2000.  This purified CO2 is used in fire 
extinguishers, dry ice production, and in the food and beverage industry.  
The inherent limitations of this transport method are volume constraints 
and intermittency, although it may demonstrate cost benefits over the 
construction of a CO2 pipeline for small-scale applications. 

4.2 IMPLICATIONS FOR MARYLAND 

Maryland has one power plant, AES Warrior Run, that currently captures 
part of its CO2 emissions for use in the food and beverage industry.  
Transport of this CO2 is conducted via tanker trucks due to the limited 
volume of CO2 that is produced.  Large-scale CCUS applications within 
the State will necessitate the implementation of CO2 pipelines to connect 
large sources to end use or storage locations.  This transportation option is 
technologically available and proven reliable based on the existing CO2 
pipelines operating within the U.S. and globally, as well as extensive 
experience with natural gas pipelines, which are similar in design and 
operation.   

As stated previously, Maryland has an extensive network of natural gas 
pipelines, depicted in Figure 4-4.  These pipelines are concentrated in the 
central portion of the State, where the majority of Maryland’s power 
plants and other large CO2 emission sources are located.  A conceptual 
CO2 pipeline routing study was undertaken for PPRP by the Western 
Maryland Regional GIS Center (WMRGISC) at Frostburg State University 
to show potential locations of CO2 pipelines that may directly connect 
these large sources with a backbone pipeline that extends to potential 
geologic storage formations in Western Maryland.  In addition to the 
point-to-point connections, there are opportunities for collocation with 
existing natural gas pipeline corridors that may minimize the amount of 
new right-of-ways that must be obtained.  The construction of CO2 
pipelines, which are physically similar to natural gas pipelines, is 
technically feasible in the state. 
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Figure 4-4 Existing Natural Gas Pipeline Network in Maryland and Conceptual CO2 Pipeline Routing 

 

Source:  Frostburg State University, 2012. 
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5.0 STORAGE AND USE 

Once CO2 has been captured from a source and pipelines are in place for 
transport, CO2 can either be injected into an appropriate formation for 
long-term sequestration, or the CO2 can serve as a useful commodity in 
other activities, such as in EOR.  DOE and other entities have placed 
increased emphasis recently on CO2 usage, particularly in EOR activities, 
because it serves the dual purpose of producing an increased volume of 
oil from an otherwise depleted resource, while simultaneously 
sequestering a substantial percentage of the injected CO2.  This type of 
CO2 usage is particularly attractive because it simultaneously provides 
revenue from additional oil produced by the CO2, thereby offsetting the 
costs of capture and transportation to make it a more economically viable 
option.  This section of the report discusses both the characteristics and 
considerations when determining the potential for long-term geologic 
sequestration, as well as the opportunities that exist for CO2 usage.  The 
current status and the future potential for sequestration and use in 
Maryland are also presented. 

5.1 CHARACTERIZATION OF APPROPRIATE GEOLOGIC 
SEQUESTRATION FORMATIONS 

5.1.1 Overview of Geologic Sequestration 

In May 2012, DOE’s NETL issued the most recent version of the North 
American Carbon Storage Atlas (Hallerman 2012).  The report, which 
provides one of the most detailed assessments yet of the potential geologic 
resources available for carbon capture and storage projects on the 
continent, estimates that North America has sufficient geologic storage 
space in saline aquifers, depleted oil and gas reservoirs and unmineable 
coal seams to sequester CO2 emissions for at least 500 years.  DOE believes 
that its research on the topic quantifies opportunities available for CCUS 
projects across the country, and, in particular, helps link CO2 sources with 
possible EOR operation sites.  DOE’s research provides a framework for 
discussions of CO2 storage and use opportunities in the United States and 
underscores the global emphasis on importance of CO2 storage and use 
considerations. 

Generally, carbon sequestration in the subsurface occurs either through 
physical/structural trapping mechanisms or through chemical trapping 
mechanisms, with the possibility of a combination of both mechanisms to 
be utilized.  While no finalized standard methodology currently exists that 
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prescribes precisely how a potential site or formation must be 
characterized, the Canadian Standards Association (CSA) and the 
International Performance Assessment Centre for Geologic Storage of 
Carbon Dioxide (IPAC-CO2) announced in November 2012 the world’s 
first bi-national standard for the geologic storage of CO2.  This standard is 
primarily applicable to saline aquifers and depleted hydrocarbon 
reservoirs and includes standards for every aspects of the life-cycle of a 
storage project.  This standard is still in a draft form and was accepting 
public comments through December 2012. 

It is clear that in any CO2 storage project, site-specific characteristics must 
be analyzed and geologic studies are needed to identify storage formation 
and sealing (i.e., capping) properties.  This information is typically 
obtained from well bores and outcrops, seismic surveys, formation 
pressure measurements that map rate and direction of ground water flow, 
and water quality samples, which will help to demonstrate isolation 
between deep and shallow groundwater.  Generally, basins that are 
suitable for CO2 storage have thick accumulations of sediments, high 
porosity and permeability, and overall structural simplicity (Bachu and 
Adams, 2003). 

Physical sequestration, also referred to 
as volumetric storage, is most effective at 
a depth of 800-1000 meters below 
ground surface (bgs), where CO2 is 
compressed to a dense fluid state known 
as a supercritical fluid.  The density of 
CO2 is a critical property to consider for storage; the higher density of CO2 
at increased depths provides a much larger storage capacity than the gas-
phase storage.  Thus, keeping the CO2 in a liquid phase is advantageous 
because it occupies less space as a liquid than when in the gaseous phase.  
This fluid can then be stored in the pore space of sedimentary rocks 
(Figure 5-1).  To achieve maximum CO2 storage, porosity should be high.  
Most sandstone formations considered for geologic storage in the study 
completed by MRCSP generally had porosities greater than 8 percent 
(MRCSP, 2005).  Additionally, the density of CO2 will increase with depth, 
depending on the geothermal gradient.  

The presence of a thick, low-permeability confining layer that serves as a 
caprock seal above the target storage formation also maximizes physical 
sequestration potential (Figure 5-1).  The integrity of the seal, i.e. caprock, 
depends on its spatial distribution and physical properties.  The ideal 
caprock should be regional and uniform, and be predominantly a shale or 
other low permeability rock. 

One MT of CO2 will occupy 50 cubic 
feet at a depth of 2,600 feet bgs, 

whereas at the surface that same MT 
of CO2 will occupy 18,000 cubic feet 
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Figure 5-1 Schematic of Injection into Sedimentary Rock Pore Space 

 

Source:  Scottish Storage and Capture, http://www.geos.ed.ac.uk/sccs/storage/ 

Chemical storage differs from physical storage in that the injected CO2 
undergoes a sequence of geochemical interactions with the rock and 
formation water that will further increase storage capacity and 
effectiveness.  The primary types of chemical storage mechanisms are 
solubility storage, adsorption storage, and mineral storage.  Solubility 
storage refers to the dissolution of all or part of the CO2 into the formation 
waters of the geologic unit.  Adsorption storage involves the holding of 
CO2 molecules onto the fracture faces and into the matrix of organic-rich 
rock units, such as coal or black shale.  Mineral storage refers to the 
chemical reaction of CO2 with the minerals and brine in the geologic unit, 
and usually involves very complex reactions with high variability in 
reaction rates.  Mineral trapping has long-term storage potential since it is 
a comparatively slow process.  Multiple chemical trapping mechanisms 
can lead to CO2 becoming less mobile over time. 

NETL published a report in 2005 providing characterization information 
on potential subsurface geological formations located in the states 
belonging to the MRCSP.  The MRCSP was discussed in greater detail 
earlier in this report, but the primary types of geologic sequestrations 
reservoirs identified in the 2005 report, as shown in Figure 5-2, will be 
presented below. 
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Figure 5-2 Geological Sequestration Options 

 

Source:  Benson and Cook, IPCC Special Report, 2005. 

5.1.2 Deep Saline Formations 

Saline formations occur at significant depth, below potable water sources, 
and are natural salt-water bearing units comprised of porous and 
permeable rock.  These types of formations can occur either on-shore or 
off-shore.  To sequester CO2 in this type of formation, CO2 is injected 
under pressure into the target unit where it displaces and mixes with 
saline water, filling the pore spaces between the mineral grains of the 
rock.  Thus, a combination of hydrodynamic trapping, solubility trapping, 
and mineral trapping is utilized to store the CO2.   

Multiple variables affect the sequestration potential of a deep saline 
formation.  These include depth, permeability, injectivity6, reservoir 
pressure, reservoir integrity, and water chemistry.  As discussed 
previously, an overlying confining unit to prevent the vertical migration 
of trapped CO2 is necessary.  Storage may occur in either subsurface traps 

                                                 
6 For purposes of this paper, injectivity refers to the capacity of a formation to accommodate pumped in liquid, 

in this case CO2, at a specified pressure, usually determined by field tests. 
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or in unconfined formations.  Storage in an unconfined formation is not 
ideal because the CO2 will migrate to the highest 
part of the saline formation and may then migrate 
laterally following the natural hydrodynamic flow 
regime in the region.   

Additionally, the logistical considerations of an 
on-shore versus and off-shore formation location 
are significant.  The access and infrastructure 
considerations as well as the corresponding 

locations of CO2 point-sources can impact the economic viability of 
sequestration in a saline formation, particularly in an off-shore location.  

Estimates of the capacity of saline formations in the U.S. to store CO2 have 
varied widely, mainly due to the limited characterization that has been 
completed to determine their extent, as well as the complex fluid 
dynamics involved with CO2 movement through these formations.  These 
complexities have made accurate modeling of CO2 storage challenging.  A 
March 2012 study (Szulczewski, et al., 2012) completed by MIT scientists, 
however, demonstrates that there is sufficient capacity in deep saline 
aquifers to store at least a century’s worth of CO2 emissions from the 
nation’s coal-fired power plants.  In this study, the MIT team modeled 
how the CO2 would percolate through the rock, accounting not only for 
the ultimate capacity of the formations but the rate of injection that could 
be sustained over time.  As mentioned earlier, the MRCSP shares this 
same conclusion that deep saline formations may hold the potential to 
store CO2 emissions for at least 100 years.    

5.1.3 Oil and Gas Fields 

Depleted oil and gas fields are effective 
potential sequestration sites because they 
represent known structural or stratigraphic 
traps within a confined reservoir with a 
known cap.  This demonstrates the integrity 
and safety for CO2 storage.  CO2 injected into 
an abandoned field fills the pore volume 
made available from the depleted oil or gas, and is then trapped by the 
natural limits of the reservoir.  In addition to the formation characteristics 
considered for saline formations, the volume and the history of oil or gas 
production in a once-active field may be considered in sequestration 
effectiveness in this scenario.  Additionally, when performing EOR, it 
remains important to consider limitations of the capacity of the reservoir 

The Sleipner Field of Norway has 
demonstrated successful sequestration 
in a saline formation.  The U.S. DOE 
also conducted a demo project in the 

Frio Formation of Texas that was 
successful. 

Approximately 70 oil fields 
worldwide are utilizing injected 

CO2 to enhance oil or gas 
production, thus demonstrating 

its effectiveness. 



 

MD PPRP 5-6 CCUS Review - 0124411.10 

to store CO2 based on the need to avoid exceeding pressures that could 
damage the caprock (Benson and Cook, 2005). 

In some cases it is possible that the injected CO2 can be used for EOR as 
well as for enhanced gas recovery (EGR) in active or depleted oil or 
natural gas fields.  The injected CO2 will:  1) repressurize the reservoir and 
displace the remaining oil to a recovery well, 2) directly mix and 
chemically interact with the oil as it forces it to the production well, or 3) 
remain sequestered in the reservoir formation.  EOR and EGR have the 
dual-benefit of sequestering a portion of the injected CO2 while 
simultaneously providing economic advantages through increased oil or 
gas production.  This CO2 use will be discussed in greater detail later in 
the report.   

5.1.4 Unmineable Coal Beds 

Unmineable coal beds are unique from other types of sequestration 
formations, because in addition to occupying pore space, the injected CO2 
would also adsorb onto the carbon in the coal itself.  This method of 
sequestration would potentially displace methane, since the adsorption 
ratio for CO2 in coal is approximately twice that of methane.  The 
enhanced recovery of coal bed methane could occur at shallower depths 
because the concerns of CO2 miscibility that occur in oil and gas reservoirs 
are not an issue.  In this scenario, the CO2 is adsorbed onto the carbon 
rather than directly mixing and chemically interacting with oil, as can 
happen in EOR.  Some of the considerations that would affect the use of 
coal beds for sequestration and enhanced methane recovery are 
hydrogeologic flow, water chemistry, coal thickness and quality, and 
subsurface temperature-pressure conditions.  Some studies have indicated 
that at certain temperatures and pressures coal beds may sequester a 
much larger mass of CO2 per cubic meter than a comparably sized saline 
reservoir (Brennan and Burruss, 2003).  It should be noted that methane, 
which is also a GHG, may be generated during this type of sequestration; 
however, the adsorption of CO2 to the coal results in a net gain in GHG 
sequestration.   

5.1.5 Carbonaceous Shales 

Carbonaceous shales often can serve as source rocks for oil and gas, and 
similar to oil and gas fields, it is anticipated that the injected CO2 can both 
be stored and utilized for EOR and EGR.  Currently, the potential for 
storage of CO2 in oil or gas shale is unknown; however, the large volumes 
of shale suggest that storage capacity may be significant.  It is believed 
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that the carbonaceous shales may adsorb the CO2 into the shale matrix, 
thus allowing for the long-term storage of CO2 (Nuttall, et al., 2005).   

5.2 MONITORING OF INJECTED CO2 

Once injected into a formation, it is critical to identify potential CO2 
leakage pathways, and procedures must be established to monitor, 
measure, and verify the absence of leakage.  Evidence indicates that 
hydrocarbons and other gases and fluids, including CO2 can be trapped 
for millions of years.  However, some natural leaks do exist, which 
underscores the need for careful site selection.  The shape of a migration 
plume is strongly affected by formation heterogeneity, especially low-
permeability shale lenses. 

One important tool in monitoring is computer simulation models, which 
can play a key role in assessing the risks of a geological storage project.  
Computer modeling can help to anticipate problems both pre- and post-
injection, including the following, as presented by Benson (2005): 

 Deformation of the formation and overlying rocks caused by the 
pressure buildup in the formation; 

 Changes in the state of stress on faults and fractures, which may 
alter their sealing characteristics and induce seismicity; and  

 Potential leakage up the injection well, nearby wells or abandoned 
wells that have not been sealed properly. 

Benson (2005) adds that models can also simulate other subsurface 
impacts from CO2, including: 

 Migration of CO2 through the pore spaces of the rock; 

 The displacement of water, oil or gas by CO2; 

 The buildup of pressure in the storage formation caused by 
injecting CO2; and 

 Geochemical reactions between CO2 and the formation, which 
largely act to transform CO2 into immobile forms by dissolving it in 
water or bonding it with coal.   

According to Benson, the two primary risks from geological storage of 
CO2 are:  (1) leakage directly from a well, either the injection well itself or 
a nearby well that is improperly sealed; or (2) leakage up a fault or 
fracture that was not identified or properly characterized during site 
selection.  In the case of leakage from a well, releases at the surface are 
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likely to be confined to a small area, have a comparatively high flux, and 
pose a risk only to those in the close vicinity of the leaking well.   

In the case of leakage from a fracture in the formation, the surface release 
may take place over a broader area, but is likely to have a lower flux and 
(depending on the release rate) may or may not create a significant risk to 
people or the environment.  Combinations of these two scenarios are also 
possible, where leakage by one or another of these scenarios converts to 
the other as the CO2 moves towards the land surface. 

Reports of potential CO2 leakage exist.  CO2 leaks at the ground surface 
above the Weyburn Project were reported in January 2011 and were based 
on a study conducted on the property in August 2010 (Petro-Find 
GeoChem, 2010).  As discussed previously, the Weyburn Project is the 
primary example of an industrial-scale CCUS project.  While the report of 
leakage has been strongly rebutted by the project leaders, the claim 
highlights the need for vigilant monitoring at storage sites (PTRC, 2011; 
and Orcutt, 2011). 

5.3 REGULATORY CONSIDERATIONS – CO2 STORAGE 

Regarding the injection and storage of CO2 into the subsurface, the U.S. 
EPA recently formalized mandatory injection requirements through its 
Underground Injection Control (UIC) permitting program.  In November 
2010, the EPA issued its Final Rule titled Federal Requirements Under the 
Underground Injection Control (UIC) for Carbon Dioxide (CO2) Geologic 
Sequestration (GS) Wells as authorized by the Safe Drinking Water Act 
(SDWA).  This rule establishes new federal requirements for the injection 
of CO2 into the subsurface for the purpose of long-term geologic 
sequestration.  It creates a new class of monitoring wells, Class VI, and 
develops technical requirements for these wells to protect subsurface 
drinking water supplies from impacts related to CO2 injection.   

The new rule specifically affects owners or operators of injection wells that 
will be used to inject CO2 into the subsurface for the purposes of geologic 
sequestration.  Current owners or operators of existing CO2 injection wells 
must transition from Class I, II, or V injection activities to Class VI. 

The components of the final rule address the unique nature of CO2 
injection for geologic storage while simultaneously establishing the 
requirements within the existing regulatory framework.  The specific 
elements of the rule, as presented in EPA’s summary, include: 
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 Potential injection wells must undergo appropriate geologic site 
characterization;  

 Injection wells must be equipped with automatic shutoff systems to 
prevent fluid movement into unintended formations; 

 Project-specific plans, including details of the development, 
implementation, and update of the project, must be established to 
guide the management of sequestration projects; and 

 Sequestration projects must include periodic re-evaluation of the 
area around the injection well by monitoring operational data to 
verify that CO2 is moving as predicted in the subsurface formation. 

The SDWA provides States with an option to assume primary 
enforcement responsibility, or primacy, to oversee injection wells in their 
state.  States must apply to EPA for primacy to implement the UIC 
program.  States have 270 days following final promulgation of the rule to 
submit a complete primacy application.  If a state chooses not to submit an 
application for primacy, the EPA will establish a federal UIC Class VI 
program in that state.  Maryland has primacy, with the MDE 
administering the UIC program in the State.   

In July 2011, the EPA released a document titled UIC Program Class VI 
Financial Responsibility Guidance which outlines financial assurance 
requirements that companies must fulfill in order to show that they can 
pay for cleanup from geologic storage projects falling under the UIC Class 
VI rules.  In this document, the EPA expanded industry’s flexibility in 
how it must meet their financial assurance requirements.  In particular, 
EPA limits a company’s liability to the specific lifetime of a geologic 
storage project rather than the default 50-year timeframe that some parties 
anticipated.    

EPA has issued additional documents in support of the Class VI well 
program.  On January 26, 2012, EPA released another document titled 
Draft Underground Injection Control (UIC) Program Class VI Well Testing and 
Monitoring Guidance.  This document provides information on how to 
perform testing and monitoring activities that ensure an injection well 
maintains its mechanical integrity, preserves the limits of fluid migration 
and extent of pressure elevation described in the permit application, and 
safeguards underground sources of drinking water.  The draft document 
discusses specific methods of monitoring activities throughout the 
injection process, and urges well owners or operators to consult with the 
UIC program director to establish a methodology that is tailored to the 
specifications of a particular project.  The agency accepted comments on 
this guidance document until March 31, 2012 and is currently finalizing 
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this document.  In May 2012, EPA issued Draft Underground Injection 
Control (UIC) Program Class VI Well Construction Guidance.  This guidance 
document describes the construction and operating requirements unique 
to Class VI injections wells and provides suggested options for meeting 
the Class VI Rule requirements for well materials, design, and 
construction.   

Certain questions remain, however, regarding the implementation of the 
UIC Class VI permitting program and associated regulations.  EPA has 
proposed a rule exempting Class VI wells from strict hazardous waste 
rules, but a decision has not yet been reached on that issue.  Additionally, 
EPA has yet to provide clarification regarding the criteria that the agency 
would consider acceptable for a permit applicant to avoid the 50-year 
requirement in the rule for monitoring after a project is no longer active.  
Finally, certain parties have expressed concern that EOR projects, which 
inject CO2 but typically are regulated under less strict Class II regulations, 
may also be sequestering CO2 and therefore are not subject to the same 
monitoring and siting requirements as Class VI wells, even though in 
many cases they may also be sequestering CO2.  

5.4 POTENTIAL USES OF CAPTURED CO2 

Unlike the permanent storage of CO2 in the subsurface, the use of 
captured CO2 as a commodity provides an economic incentive to capture 
and transport CO2.  Significant environmental benefit also can be gained 
by using a product that is otherwise considered a waste to be either buried 
or emitted to the atmosphere.  It is important to emphasize, however, that 
a net reduction in the amount of CO2 emitted to the atmosphere is one of 
the primary motivations for CO2 capture, so the CO2 use should 
contribute to the reduction of GHG emissions.  Thus, if feasible, the use of 
CO2 in an economically viable application that ultimately reduces the 
amount of CO2 emitted to the atmosphere is the ideal disposition of 
captured CO2. 

Three current economically viable uses of stored CO2 that will use 
massive, captive working inventories for decades and result in the 
geologic sequestration of large quantities of CO2 are EOR, EGR, and 
enhanced coal bed methane recovery (ECBM).  Each of these will be 
discussed in the next section of this report because of their importance 
globally as well as in Maryland. On the other hand, the use of CO2 as 
fracturing fluid will be discussed to show that it will at most be a minor 
market for power plant CO2 and will result in some sequestration of CO2 
primarily associated with ECBM.  The balance of the conventional 
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industry and food and beverage market for CO2 will be discussed briefly 
to show such uses are not significant in terms of power plant CO2 
production.  

5.4.1 Enhanced Oil Recovery 

The use of CO2 to enhance the recovery of oil produced from a geologic 
reservoir may have the longest precedent and most widespread 
implementation.  DOE has recently increased its emphasis on the 
importance of EOR as an economically viable use of CO2, and is working 
to broaden CO2 use in EOR in order to spur job gains in the U.S. and make 
coal power plants more competitive (Obey, 2012). 

EOR typically occurs by flooding an oil reserve with CO2 injected into the 
formation.  Additional oil, as well as residual CO2, is then captured in a 
production well (Figure 5-3).  Typically, enhanced recovery using a 
miscible agent, which in this case is CO2, has an incremental oil recovery 
of 7-23 percent of the original oil in place (Martin and Taber, 1992; Moritis, 
2003).  In many cases, 50 percent and up to 67 percent of the injected CO2 
returns with the produced oil (Bondor, 1992) and usually is separated and 
re-injected into the reservoir.  The remaining CO2 becomes trapped in the 
reservoir.   

To maximize CO2 storage in EOR operations, certain geologic 
characteristics of the reservoir may need to be met (Benson, 2005).  First, 
the reservoir depth should be more than 600 meters.  High reservoir 
heterogeneity may also increase CO2 storage, because a relatively 
homogeneous reservoir may lead to the movement of CO2 along the top of 
the reservoir (due to the density difference between lighter CO2 and the 
reservoir oil).    

CO2-EOR production has risen steadily in the past five years, with over 48 
million MT per year of CO2 currently utilized in EOR applications.  A 
contributing factor in this growth is the establishment and expansion of 
CO2 pipelines, as shown in Figure 4-1.  
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Figure 5-3 Schematic of Enhanced Oil Recovery 

 
Source:  DOE NETL Carbon Sequestration Program Facts, 2008. 
http://www.netl.doe.gov/publications/factsheets/program/Prog053.pdf 

In July 2012, the Oil and Gas Journal conducted a survey of current CO2-
EOR activity and projects, including performance reports and oil 
production data (Kuuskraa, 2012).  As the survey demonstrates, multiple 
examples of EOR projects exist in the U.S. and in fact the number of CO2-
EOR projects has increased from 114 in 2010 to 123 in 2012 with a 
corresponding increase in CO2-EOR oil production from 272,169 barrels 
per day (b/d) in 2010 to 284,193 b/d in 2012 (Kuuskraa, 2012).  These data 
are presented in Figure 5-4 by region, and demonstrate that the majority 
of recent growth in CO2-EOR production has been in the Gulf Coast as 
well as in the Rockies.  However, some new CO2-EOR projects have been 
established in regions with limited or no prior CO2-EOR activity, 
including the following projects:  

 Denbury Resources has announced the proposed development of a 
significant CO2-EOR project in the Bell Creek field in Montana that 
involves 28 CO2 injection wells to a depth of 4,500 feet. 

 Anadarko Petroleum has announced two CO2-EOR projects in the 
Frontier/Wall Creek Sandstone in Wyoming. 

 Denbury Resources has initiated two new projects in East Texas 
following the completion of the Green CO2 pipeline. 
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 Chaparral Energy has added new projects in Oklahoma and the 
Texas Panhandle. 

 Additional CO2 projects being implemented by Denbury Resources 
are underway in Louisiana and Mississippi. 

 Core Energy is planning new CO2 floods in northern Michigan in 
2013. 

Figure 5-4 CO2-EOR Oil Production by Region 

 

Source:  Advanced Resources International Inc. and Oil & Gas Journal, 2012.  

While the increasing trend in CO2-EOR activity is promising, the single 
largest barrier to further expanded use of CO2 in EOR is the lack of 
available, affordable CO2 supplies.  Of the total CO2 currently used in 
EOR, about 25 percent (12 million MT) is anthropogenic in origin – i.e., 
produced by human activities, such as oil refining or fertilizer 
manufacturing (Trinity CO2, 2006).  The rest is extracted from naturally 
occurring deposits.  The CO2 utilized in the oil recovery process is 
captured from the production well and recycled, so CO2 emissions are 
negligible if injected CO2 is stored in the reservoir when production is 
complete (DOE Office of Petroleum Reserves, 2006).   

In February 2012, the National Enhanced Oil Recovery Initiative (NEORI), 
which is a coalition of industry, state, environmental, and labor leaders 
convened by the Center for Climate and Energy Solutions and the Great 
Plains Institute, released a document outlining recommendations to boost 
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domestic oil production and reduce CO2 emission through expanded use 
of EOR (NEORI, 2012).  The recommendations include a proposed federal 
tax credit for capture and use of CO2 in EOR, and as a result should 
quadruple U.S. oil production from EOR.  NEORI has determined that the 
program would pay for itself within 10 years through increased federal 
revenues generated by the increased domestic oil production.  These 
proposed recommendations appear to have bipartisan support from 
members of Congress and could help boost national interest and 
implementation of increased EOR using captured CO2. 

On September 20, 2012, Senator Kent Conrad (D-ND), Mike Enzi (R-Wyo) 
and Jay Rockefeller (D-W.Va.) adopted NEORI’s recommendations into 
Bill S. 3581, which they introduced to the Senate. This bill proposes 
amending the Internal Revenue Code of 1986 to modify the credit for CO2 
sequestration.  The bill is designed to expand the use of CO2 for EOR by 
modifying a federal tax incentive on the capture and storage of CO2. It is 
not clear whether this Bill will become enacted into law; however, its 
proposal, at a minimum, suggests the current emphasis on the beneficial 
use of CO2.   

In another policy effort that emphasizes the importance of EOR, Senator 
Lisa Murkowski (R-AK), the ranking member of the Senate Energy 
Committee, unveiled a broad policy agenda for the U.S. called the Energy 
20/20 plan (Inside EPA, 2013) at the time this report was being prepared.  
While the plan is touted as being a starting point for talks on ‘discrete’ 
energy legislation rather than one broad energy bill, the Plan does 
encourage DOE to promote EOR and EGR from existing wells through 
new technology with ‘abbreviated’ leasing and permitting processes for 
previously explored fields.  The proposed plan also supports EPA 
maintaining its Class II UIC permit program for EOR rather than 
regulating EOR under the more strict Class VI program reserved for CCS 
wells.  In the Plan, Murkowski further supports the use of captured CO2 
from coal power production as a commodity for EOR, which also would 
help to preserve coal as a key source of affordable energy. 

5.4.2 Enhanced Gas Recovery 

Unlike in oil production, a much larger percentage of original gas in-place 
(up to 95 percent) can be effectively recovered without using enhancing 
techniques.  For this reason, and because natural gas prices have remained 
fairly low recently, EGR does not have a history of implementation similar 
to that of EOR.  Industry has also been somewhat slower to explore EGR 
alternatives because the methane produced from EGR may not be as high 
grade due to mixing with the CO2, and may require separating, which can 
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pose additional cost (Hallerman 2012a).  Thus, field testing of EGR 
processes is limited and estimates of CO2 sequestration capacity to-date 
have been based primarily on laboratory research. 

Active research is underway, however, regarding EGR and sequestration 
in shales.  It has been estimated that CO2 may be sequestered in an 
immobile, adsorbed state in black, organic-rich shales and this sorption of 
CO2 may displace additional natural gas (Nuttal, 2010), effectively serving 
the dual purpose of CO2 sequestration and EGR.  In this process, CO2 
would be injected into depleted gas reservoirs to enhance gas production 
by repressurizing the reservoir (Oldenburg, et al., 2001) and a percentage 
of gas would remain in the formation adsorbed to the shale.   

Through its Phase I and Phase II research, the MRSCSP has developed a 
methodology to assess the potential CO2 sequestration in the Devonian 
black shales in a large study area consisting of the central and northern 
Appalachian Basin (Nuttall and others, 2006, and Nuttall, 2010).  Based on 
the assumed storage efficiencies of either saline aquifers (3 percent) or 
continuous coals (up to 40 percent), Nuttal determined the estimated 
carbon sequestration capacity of black shales in the Appalachian Basin 
may range from 2.2 billion tons to 29.68 billion tons, respectively (2010).  
While this research is promising for CO2 storage and EGR, these processes 
require further demonstration in field-scale tests.  

DOE’s NETL has also assessed the potential of carbon storage and EGR 
specifically related to the Marcellus Shale (NETL 2010d).  In its report, 
NETL recognizes that the Marcellus Shale offers two primary potential 
opportunities related to CO2 storage:  first, the Marcellus could serve as a 
caprock formation for CO2 injected into a formation below the Marcellus; 
or second, it could act as the storage reservoir itself for captured 
anthropogenic CO2.  In the first scenario, however, the Marcellus may not 
be a suitable caprock if it has been fractured to recover gas.  In the second 
scenario, other low-permeable layers above the Marcellus would act as the 
sealing formation.  In this case, the CO2 would preferentially adsorb onto 
organic surfaces and displace the methane. 

In September 2012, the Kentucky Geological survey, in cooperation with 
the University of Kentucky and Advanced Resources International (ARI), 
initiated one of the first small-scale EGR field tests in Johnson County, 
located in eastern Kentucky.  The goal of the project is to inject CO2 into a 
depleted natural gas well to both stimulate additional gas production and 
trap CO2 underground (Hallerman 2012c).  During the course of the 
project, 300 tons of CO2 will be injected into the Devonian Ohio shale, and 
then pressure transient testing will be performed.  The behavior of the 
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CO2 will then be observed through the test well and multiple surrounding 
wells to determine the amount of CO2 that displaced the natural gas and 
remained within the shale formation.  Results from the test are still being 
processed and are not yet available, but once published, they are 
anticipated to provide useful information on the potential for EGR and 
CO2 storage in the black shales of the Appalachian Basin.     

5.4.3 Enhanced Coal Bed Methane Recovery 

As mentioned previously, it is well documented that CO2 injected into 
coal seams can displace methane, resulting in enhanced coal bed methane 
(ECBM) production.  Figure 5-5 shows the process of injection and 
enhanced recovery.  CO2 that is injected into a coal seam will flow through 
the fracture system, diffuse into the coal matrix, and be adsorbed onto the 
coal micropore surfaces.  This would displace and release other gases, 
such as methane, that have a lower affinity to coal.  Research has shown 
that ECBM utilizing CO2 has the potential to increase productivity of 
methane to nearly 90 percent, compared to conventional recovery of only 
50 percent by reservoir pressure depletion alone (Benson, 2005).    

Figure 5-5 Schematic of Enhanced Coal Bed Methane Recovery 

Source:  EPA Coal Bed Methane Outreach Program 

Several factors can affect CO2 enhanced methane recovery.  Coal 
permeability is one of the most influential factors.  Permeability generally 
decreases with depth, and corresponds to a decrease in fractures at depth.  
Most coal bed methane production wells in the world are less than 1,000 
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meters deep (Benson, 2005).  Additionally, coal geometry, structure 
(preferably minimal folding and faulting), homogeneity, suitable gas 
saturation conditions, and the ability to dewater the formation are all 
factors influencing the appropriateness of a coal bed for ECBM.   

Multiple ECBM projects are underway worldwide.  In the U.S., one large 
project known as the Coal-Seq was launched in 2000.  This project was a 
joint venture funded by DOE and performed by ARI to investigate the 
feasibility of CO2 sequestration coupled with ECBM.  The project 
demonstrated an increase in methane recovery from an estimated 77 
percent of original gas in place to 95 percent of the original gas in place 
within the project area.  However, the CO2 injection also resulted in 
significant coal-permeability reduction which caused a reduction in 
injectivity and potential long-term methane recovery.  ECBM is also being 
implemented elsewhere, including in the coal seams of the Qinshui Basin 
in China and the Alberta Basin in Canada. 

The MRCSP also has conducted initial investigations regarding ECBM in 
the Appalachian Basin (Greb, et al. 2010).  Two CO2 coalbed injection tests 
into the Appalachian Basin are discussed in their 2010 report, one in the 
northern part of the Basin in the Middle Pennsylvanian Upper Freeport 
coal and one in the lower Pennsylvanian coals in the southern Pocahontas 
Basin.  This report, however, concludes that several questions 
surrounding the feasibility of the technology remain to be addressed.  
Potential issues of coal swelling and other possible physical changes to the 
coal during injection could complicate the processes.  Additional research 
on coal composition, permeability, and swelling are necessary to further 
understand the impacts of CO2 on the coal bed itself.      

More locally, NETL is funding a current project to explore the potential of 
unmineable coal seams to store CO2.  CONSOL Energy, Inc. is partnering 
with the Virginia Center for Coal and Energy Research at Virginia Tech to 
inject up to 20,000 tons of CO2 into underlying coal seams for the purpose 
of carbon storage using three Virginia coal bed methane wells (Teodoro, 
2013).  Injection will occur over a period of one year and is expected to 
begin in fall 2013.  This project builds on data collected during a CO2 
injection test held in Russell County in 2009.  The research will also 
investigate the potential of the process to enhance coal bed methane 
recovery.   

As mentioned previously, DOE’s NETL issued the most recent version of 
the North American Carbon Storage Atlas (Hallerman, 2012d) in May 
2012.  The atlas estimates that the CO2 storage potential in unmineable 
coal seams (i.e., coal seams that are too deep, thin or otherwise ill-suited 
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for coal extraction) in the United States ranges from 61 gigatonnes to 119 
gigatonnes, with the largest potential in the Gulf Coast, West Virginia, 
Illinois, and Wyoming.  While NETL is still generally in early phases of 
research regarding coalbed methane recovery, the ECBM industry is 
promising and provides another opportunity for the dual benefit of CO2 
storage and use as a commodity. 

5.4.4 Fracturing Using CO2 for Unconventional Gas Development 

Another potential future use of captured CO2 is in EGR and fracturing as 
they relate to the development of unconventional gas resources, including 
the Marcellus Shale.  The Marcellus Shale is a Devonian age formation 
that occurs extensively in the subsurface from central New York 
southward to Alabama, and from Maryland westward to central Ohio (see 
Figure 5-6).  In Maryland, the formation underlies portions of Garrett and 
Allegany counties, and occurs between 5,000 and 9,000 feet below the 
ground surface.  The Marcellus and Utica shales are being actively 
developed in the Appalachian Basin by horizontal drilling and hydraulic 
fracturing.  In many areas, there is an interest in an alternative to using 
scarce fresh water supplies for fracturing fluid.  CO2 is one of the possible 
alternatives.   

Figure 5-6 Extent of Marcellus Shale 

 
Source:  United States Geological Survey. 

Hydraulic fracturing is a process that involves forcing, under high 
pressure, a slurry of water and sand proppant into the cracks and fissures 
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in the rock.  This widens the cracks and the sand props them open, 
allowing an increase of gas flow from the rock (Figure 5-7).  Fracturing a 
well usually requires many hundreds of thousands of gallons of water.  
While some of the fracturing fluid stays within the rock formation, 
between 15 - 80 percent is returned to the surface, of which a percentage 
may be recycled (EPA, 2010b).  Specifically, the chemical composition of 
the fracturing water as well as the “flow back” water, which is the water 
initially discharged by the well that contains fracturing fluids plus any 
connate water contained in the formation, are of primary concern.  The 
fracturing and “flow back” water requires either treatment prior to 
disposal or the installation of a well to inject it into deep geologic 
formations, such as permitted injection wells in Ohio. 

Figure 5-7 Hydraulic Fracturing of Shale Formation 

 
Source:  Based on Brezinski, 2011 and Granberg, 2011.  
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Research on alternative shale gas fracturing methods is being conducted 
at certain locations.  Currently, a proposal is being prepared for Canadian 
funding to study CO2 fracturing of shales in the Canadian portion of the 
Appalachian Basin.  This study would examine further the use of liquid 
CO2 instead of water as a fracturing fluid and a means by which to 
transport and place the proppant that is used to keep fractures open when 
the fracturing pressure is lowered.   

The DOE’s NETL conducted a study in September 2003 (Mazza, 2003) 
where CO2 was used as the working fluid in 10 wells drilled into 
Devonian Shale in eastern Kentucky’s Big Sandy gas field.  Three of the 
wells were situated in Perry County and seven in Pike County.  In the 
Pike County wells, where the shale section is thicker than in the Perry 
County wells (1,025 feet thick versus 350 feet thick), the simulation 
demonstrated that the CO2/sand technology is the superior choice over 
the closest competing technology (i.e., N2 gas or N2 foam) for stimulating 
the Devonian shale.  The CO2 fractured wells produced two to four times 
as much gas per well as those fractured by the other technologies.  Thus, 
while CO2 fracturing does not currently have widespread use, it is a viable 
alternative to other hydraulic fracturing fluids and may help alleviate or 
reduce disposal  requirements that are environmental problems associated 
with flow-back water generated using current technology.   

Another study published in August 2012 provides further support for the 
use of CO2 in fracturing.  This study demonstrated that CO2 may be more 
suitable than water for fracturing methane-rich rock (Ishida, et al, 2012).  
The authors found that the pattern of fractures created in rock by using 
compressed CO2 was three dimensional, rather than the two-dimensional 
pattern, or planar, pattern created by conventional hydraulic fracturing.  
A more extensive, three-dimensional fracture pattern will ultimately yield 
greater opportunities for trapped gas to escape.  While this conclusion is 
promising, additional research on CO2 fracturing could be particularly 
relevant in Maryland if the Marcellus Shale is developed in the State.  
Additional research is also needed to have a greater understanding of the 
amount of CO2 actually sequestered during the fracturing process; it is 
important to establish a net storage of CO2 during this process.   

Another recent paper expressed concern regarding the amount of 
methane released to the atmosphere during production of shale gas, 
particularly from releases that occur during hydraulic fracturing 
(Howarth, 2011).  This study points out that natural gas from shale 
formations is largely composed of methane, which has a stronger GHG 
footprint than CO2, and that a substantial percentage of methane escapes 
to the atmosphere from flow-back return fluids and during drill-out 
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following the fracturing.  This paper ultimately claimed that GHG 
emissions associated with shale gas are as bad, if not worse, that emissions 
related to coal.  Multiple papers and letters (Levi, 2011; Hultman, et al, 
2011) published since this paper have not had findings consistent with 
Howarth’s and have found that shale gas is materially lower than coal in 
lifecycle emissions for power generation.  Since the amount of CO2 used in 
this application is relatively small, on the order of a few million gallons 
per well, once in the lifetime of a well, and the amount ultimately 
sequestered is even smaller, the decision to use CO2 as fracturing fluid 
should be based on other considerations, such as the availability of 
alternatives, cost, and performance. 

5.4.5 Food and Beverage Industry 

As previously stated, the AES Warrior Run cogeneration plant is the only 
coal-fired facility in Maryland utilizing carbon capture technology.  The 
CO2 that is captured from Warrior Run, which constitutes less than two 
percent of their total CO2 emissions, is sold to the industry for use in fire 
extinguishers, dry ice production and in food and beverage related 
processes. 

5.4.6 Precipitation of Carbonate Minerals 

Research has shown that captured CO2 has the potential to be used in the 
precipitation of carbonate minerals from brines, which can then 
potentially be used beneficially in cement or synthetic limestone 
(Interviews, 2011).  Calcium carbonate that is used in industry is usually 
extracted by mining or quarrying, and this use of CO2 could provide a 
potential alternative source of carbonate minerals.  Research is underway 
to determine the potential for utilizing brines to accumulate CO2 from a 
fixed source, while simultaneously producing calcium carbonate, as well 
as other chemical-industrial commodities (Dunsmore, 1992 and Dzledzic, 
et.al, 2006).  As Drunckenmiller (2004) points out in his research, under 
the correct conditions, CO2 dissolves in brine to initiate a series of 
reactions that leads to the precipitation of carbonates.  Large quantities of 
anthropogenic brine, which is a saline-based solution that is generated as 
a waste product during oil and gas extraction, are present at the surface 
and could provide the brine source for the conversion of CO2 into 
geologically stable mineral carbonates.  In 2004, the total annual U.S. 
production of brine was projected to be over 20 billion gallons (Jones, 
2001).  Additional research must be done to determine the expenditure of 
this process and ensure a net reduction in CO2 to the atmosphere. 
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5.5 POTENTIAL CO2 USES AND STORAGE SITES IN MARYLAND 

Maryland’s subsurface geology reflects the potential for both the storage 
and use of CO2.  In his 2004 paper, Davidson summarizes the potential for 
carbon sequestration in Maryland and discusses the location of possible 
repositories (Davidson, 2004).  Also in 2004, MGS, PPRP, and Maryland 
Energy Administration initiated geologic studies to support the sustained 
use of coal for power generation coupled with the environmentally 
beneficial practice of decreasing GHG emissions through geologic 
sequestration (Conn, et al., 2004).  This study demonstrated that the 
western portion of the state has potential for geologic storage and use of 
CO2 as evidenced from its history of natural gas exploration and 
production.  This region hosts several large coal-fired power plants 
representing potential sources of injectable CO2, and is located on the 
eastern edge of the Central Appalachian coal producing region (Figure 5-
8).  If captured, the CO2 emissions from these regional plants have the 
potential to become an economically viable commodity in enhanced gas 
and coal bed methane recovery in both Western Maryland and 
Pennsylvania.  Additionally, the future potential exists for the captured 
CO2 to be pipelined a significant distance to EOR sites, with potential 
precedent for such pipelining existing with the proposed Denbury project. 
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Figure 5-8 Location of Power Plants in Maryland 

 

 

5.5.1 Storage and Possible Use in Maryland’s Depleted Gas Reservoirs 

Western Maryland has a strong history of natural gas production.  The 
first exploration well in Maryland was drilled in 1888.  However, it was 
not until after 1945 that the first substantial sources of natural gas were 
discovered in four fields of the Appalachian Basin, which include:  
Mountain Lake Park, Accident, Negro Mountain, and Pennlands 
(Artemas).  In 1995, a fifth field along the Allegheny structural front was 
discovered by the Fox Oil and Gas Inc., and is currently producing natural 
gas.   

From 1951 to 1999, approximately 49 trillion cubic feet (tcf) of natural gas 
were produced in Maryland.  This figure provides a rough estimate for 
the capacity of this region to sequester CO2.  In 1957, the maximum annual 
rate of production occurred with 4 tcf produced.  This number declined to 
16 billion cubic feet in 1999 (Conn, et al., 2004).   

Natural gas, however, continues to account for a noteworthy portion of 
Maryland’s energy production.  According to the American Natural Gas 
Alliance (ANGA, 2013),  6.6 percent of Maryland’s electricity is currently 
generated from natural gas.  Maryland has a network of natural gas 
pipelines that traverse the state (see Figure 4-1), and interstate gas 
suppliers operate storage areas, usually in depleted production fields, 
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where natural gas can be accumulated during low demand periods and 
released during high demand periods.  ANGA also anticipates that 
Maryland’s jobs, total labor income, and value-added economic output 
related to unconventional natural gas (i.e., the Marcellus Shale) 
production is projected to increase substantially by 2035 (ANGA, 2013). 

Maryland has one natural gas storage area, Accident Dome (Figure 5-9) in 
Garrett County, with a storage capacity representing 2 percent of the 
underground gas storage capacity in the Maryland, New Jersey, 
Pennsylvania, Virginia, and West Virginia region (CEIR-16, 2012).  The 
Accident Dome is currently fully utilized for natural gas storage.  In 
addition to the Accident Dome, other depleted Western Maryland and 
Pennsylvania gas fields may serve as relevant and potentially 
economically viable storage locations for CO2.  The three additional 
natural gas fields in Maryland are Mountain Lake Park, Negro Mountain, 
and Pennlands (Artemas).  The structural and stratigraphic features that 
trap hydrocarbons in these fields are the same characteristics that allow 
these sites to be ideal for sequestration.  Additionally, the Deer Park 
Anticline, a structural feature shown in Figures 5-9 and 5-10, is another 
viable potential CO2 repository because of its size, depth, and structure.   
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Figure 5-9 Potential CO2 Sequestration Sites Based on Location of Hydrocarbon 
Traps 

 
Source: Frostburg University, Western Maryland Regional GIS Center.   

Figure 5-10 Western Maryland Geology Showing the Deer Park Anticline 

 
Source:  Frostburg University, Western Maryland Regional GIS Center.   
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It is also reasonable to predict that depleted gas fields could be utilized for 
CO2 storage with the future potential economic use of the stored CO2 in 
enhanced gas recovery, due to the location of already-existing natural gas 
wells in Western Maryland (Figure 5-11).  Many of these wells already 
intercept the Deer Park Anticline, thus making these formations 
particularly useful as temporary receptor formations for CO2 storage prior 
to use in beneficial applications. 

Figure 5-11 Locations of Natural Gas Wells in Western Maryland 

 
Source: Conn, et al, 2004. “Potential for Geologic Storage of CO2 in Western Maryland – 
Phase I Studies.”   

Additionally, storage in the depleted gas reservoirs is especially attractive 
due to their location relatively near to the power plants, which are the CO2 
sources; therefore minimizing transportation logistics and costs (Figure 5-
12).  Two power plants, Luke Mill and Warrior Run are located relatively 
close to the depleted gas fields in Western Maryland.   

One fundamental consideration related to the long-term storage of CO2 in 
the subsurface for either future use or permanent storage is the question 
of pore space ownership.  Currently, the WMRGISC is developing a 
database of mineral rights ownership as a surrogate for pore space 
ownership in areas where CO2 is likely to be stored.  As the potential of 
CO2 storage in this area becomes realized, the information in this database 
will be of critical importance.  

AES Warrior Run, as previously discussed, already captures a small 
portion of its CO2 emissions.  Upgrades to capture more of the CO2 are 
technologically feasible and could be used to produce a source of 
concentrated CO2 for geologic sequestration studies.  The R. Paul Smith 
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Plant, which is one of the oldest coal-fired plants in Maryland, began 
hosting demonstration projects in 2003 to evaluate performance and 
emissions reductions, particularly CO2, of composite coal/biomass fuel.  
This power plant, however, closed as of September 2012 due to the 
anticipated cost of retrofitting the plant with equipment necessary to 
comply with recently promulgated environmental regulations.  

As discussed previously, CO2 sequestration and EGR in the Devonian 
black shales of the Appalachian Basin may also be future options for the 
disposition and use of CO2.  The Utica shale and the Marcellus Shale, 
contain significant deposits of unconventional natural gas.  The natural 
gas industry characterizes unconventional gas as gas that has formed in 
rock formations which are not permeable, and more specifically, do not 
allow for the natural migration of gas to collect in large quantities between 
permeable and impermeable rock layers.  While production wells have 
been drilled into the Marcellus Shale formation in the states of 
Pennsylvania, Ohio, and West Virginia, Maryland has yet to issue drilling 
permits due to the uncertainty regarding the environmental impacts of 
hydraulic fracturing.  MDE has received multiple permit applications for 
drilling in the Marcellus, but the timeframe of issuing the permits is not 
clear at this time.  The Governor of Maryland issued an Executive Order 
on the Marcellus Shale Safe Drilling Initiative in June 2011, and the tasks, 
analyses, and reports required in the Order have not been completed and 
thus no decision has yet been made regarding the future production of 
shale gas in Maryland.  The final report required by the Order is due in 
August 2014 and likely no decision will be made until that report is 
complete.   
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Figure 5-12  Location of Power Plants Relative to Depleted Gas Fields in Western Maryland

 

*Note:  R. Paul Smith Power Plant closed as of September 2012. 
Source:  Frostburg University, Western Maryland Regional GIS Center. 
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The future development of the Marcellus Shale gas in Maryland results in 
the possibility of both storage and use in the shale formation.  As 
mentioned earlier in the report, initial research has suggested that the 
injection of CO2 into shale will be analogous to CO2 injection into coal for 
ECBM recovery (Reeves, 2002, 2003).  Nuttall’s work with the MRCSP in 
2006 and 2010 has demonstrated that CO2 is preferentially adsorbed in 
organic rich shale with respect to methane, and that the gas storage 
capacity of shale is related to its total organic carbon content.  Additional 
research, particularly from field tests such as CONSOL’s current project in 
Kentucky, will provide further information regarding the viability of CO2 
storage and possible translation of this technology to Maryland.    

5.5.2 Storage and Use in Unmineable Coal Seams/Coal Bed Methane Basins 

Due to its proximity in the Northern Appalachian Coal Basin, Western 
Maryland has extensive coal formations.  Peak coal production in this area 
occurred during World War II with 5.5 million tons (5.0 million MT) 
produced annually.  Currently, approximately 3.5 million tons (3.2 million 
MT) are produced annually.  One source of this coal is the Pittsburgh and 
Upper Freeport coal seams that occur in five elongated structural beds 
(Figure 5-13).  Based on current data collected, the Pittsburgh Coal has a 
thickness ranging from 2.25 feet to 10 feet, and the Upper Freeport Coal 
ranges in thickness from less than 1 foot to 10 feet (Conn, 2004).  The 
Pittsburgh and Upper Freeport Coal beds are good potential CO2 receptor 
sites due to their thickness and widespread location.   

As previously discussed, one of the primary benefits of sequestration in 
coal beds is the opportunity for ECBM.  The CO2 that is injected into the 
coal bed displaces methane, which then becomes available for recovery.  
Allegany County has areas of known and potential methane gas deposits, 
and as discussed previously, the potential exists for a deep CO2 injection 
well to be drilled at the Warrior Run plant for the purpose of enhanced 
methane recovery.  
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Figure 5-13 Location of Coal Basins in Western Maryland 

 
Source:  Frostburg State University, Western Maryland Regional GIS Center. 

Additional active research is underway regarding the preferential 
displacement of methane from organic coals and shales, particularly in 
regards to the Marcellus Shale.  PPRP is working in conjunction with 
Frostburg State University’s Chemistry Department to conduct research 
on the special gas adsorption characteristics of the Marcellus Shale, also 
called the “sticky storage”of CO2, and the corresponding methane 
displacement that may occur as a result.  In other words, the Department 
is attempting to measure the quantity of CO2 involved in adsorption 
storage per unit volume of each Maryland shale and coal subject to 
treatment with CO2.  The ultimate goal of this research is to predict the 
total amount of CO2 that could ultimately be sequestered in Maryland as a 
result of its use in ECBM and enhanced gas recovery.  Additionally, PPRP 
and AES Warrior Run are parties to a DOE research project on the 
injectivity of CO2 into Eastern Gas Shales, which is being managed by 
ARI.    

5.5.3 Use in EOR 

While Maryland is not an oil producing state and thus does not have EOR 
projects within its borders, potential exists for captured CO2 to be 
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pipelined elsewhere for EOR projects.  Precedent has been established for 
pipelining CO2 across state lines (Figure 4-1), and as previously discussed, 
Maryland has a network of natural gas pipelines that demonstrate the 
potential for co-location of CO2 pipelines in the state.  As mentioned 
previously, DOE and other parties are placing a great deal of emphasis, in 
terms of project research and funding, on EOR as a means by to both store 
CO2 and produce oil that otherwise would be left in-place.  An example of 
a possible EOR project requiring CO2 is the East Canton oil field located in 
Eastern Ohio.  This field has been identified in a state geological survey 
report as a potential CO2 use candidate (Riley, et al., 2011).  According to 
the report, between 76 million and 279 million barrels of additional oil 
could be recovered from this oil field by CO2 flooding.  The field was 
discovered in 1947 and has produced nearly 100 million barrels of oil and 
still has more than 1 billion barrels of oil in place.  It is Ohio’s largest still-
producing oil field.    

The CO2 for this potential EOR project would need to come from 
anthropogenic sources such as steel mills, power plants, cement kilns, or 
landfills, according to the report (Riley, et al., 2011).  While a host of 
significant economic and environmental issues would warrant thorough 
investigation and evaluation prior to initiating any type of CO2 pipelining 
from Western Maryland power plants to Ohio, it could be worth 
considering such a project if it were proven to be economically viable.   

5.5.4 Storage in the Taylorsville Basin 

The Taylorsville Basin underlies parts of Virginia and Maryland and is 
one of the largest Triassic-Jurassic rift basins in Eastern North America 
(Figure 5-14).  It is approximately 175 kilometers (km) long and 50 km 
wide, and consists of both exposed and subsurface portions.  It has a 
thickness of more than 4 km of sedimentary rocks and typically occurs at a 
depth of 1,800-2,000 feet below the ground surface.  The majority of the 
basin is buried beneath Coastal Plain deposits, with the exception of the 
exposed section occurring in the vicinity of Ashland, Virginia.  The basin’s 
depth, size, and sedimentary rock characteristics demonstrate potential for 
the basin to be a potential source of oil and gas, and as possibly ideal for 
carbon storage. 
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Figure 5-14 Location of the Taylorsville Basin 

 
Source: Adapted from LeTourneau, 2003   

Deep drilling and geophysical surveys in the 1950s throughout the 1970s 
led to the discovery of Triassic rocks comprising the Taylorsville.  In the 
mid to late 1980s and into the early 1990s, the Taylorsville basin became 
the focus of oil and gas exploration.  Although oil and gas indicators were 
reported, no proven oil and gas reserves were identified in the 
Taylorsville.  Several of the wells that were drilled during the exploration 
process, however, produced excellent rock cuttings and cores that were 
used to prepare a refined stratigraphic and structural analysis of the basin 
(LeTourneau, 2003).   

The new Taylorsville stratigraphy established by LeTourneau in 2003 
identified two major unconformity-bound sequences (Figure 5-15).  The 
Upper sequence is the King George Group and the lower sequence is the 
Doswell Group.  The King George Formation is then comprised of three 
main formations, and the Doswell includes two main formations.  Each of 
the formations is described in greater detail below. 

Potential for geologic sequestration exists in the Taylorsville, particularly 
in portions of the Newfound Formation and the Stagg Creek Member of 
the Falling Creek Formation.  Stagg Creek is effectively bounded above by 
the Poor Farm Member as shown in cuttings from one of the deep wells, 
the Wilkins well, with dark shale at 2,900 – 3,050 meters (Falling Creek 
Fm) and 1,900 – 2,750 (Falling Creek Fm).  The Newfound Formation, 
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while not quite as deep as the Stagg Creek Member, may also have 
potential for storage due to its lithology of sandstone and conglomerate, 
which may correspond to a high porosity and permeability.  

In June of 2012, the U.S. Geological Survey identified the Taylorsville 
Basin as one of several Mesozoic-age rift basins that contains a potentially 
massive source of natural gas and natural gas liquid (USGS, 2012).  The 
associated publication, which includes an assessment of basins located 
along the East Coast of the U.S., describes the formation process of these 
basins, and identifies the oil and gas source rock as gray and black shales 
and coal beds that formed in fluvial, deltaic, and lacustrine (i.e., lake) 
ancient environments.  These shale and coal beds may range in thickness 
from a few feet to several hundred feet.  Five of the 14 major East Coast 
basins were quantitatively assessed, and it was determined that the 
Taylorsville Basin was one of the basins with the potential to produce the 
most hydrocarbons, with estimates of 1,064 billion cubic feet of gas and 37 
million barrels of natural gas liquids potentially recoverable.   

The renewed interest in the Taylorsville as a possible source for oil and 
gas may lead to further exploration by oil companies.  In December 2011, a 
local newspaper reported that a Texas-based company is attempting to 
lease 100,000 acres in the Fredericksburg, Virginia area for oil and gas 
drilling into the Taylorsville (Dyson, 2011).  While drilling will not likely 
occur for another two to three years in this area, the exploration of the 
Taylorsville could provide a wealth of additional geologic information on 
this basin, including its potential as a CO2 repository.  Additionally, 
development of the Taylorsville could allow for the possibility of CO2 to 
be used in EOR or EGR.  Currently, however, without further study of the 
Taylorville, definitive conclusions cannot be drawn regarding its 
effectiveness as a storage site in Maryland.  None of the wells upon which 
this newest stratigraphy was based are located in Maryland, and other 
specific information about the Taylorsville is not known, such as porosity, 
permeability, and extensiveness in Maryland.  The Taylorsville is, 
however, ideally located relative to CO2 power plant sources, as shown in 
Figure 5-14. 
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Figure 5-15 Revised Stratigraphy of the Taylorsville Basin 

 

 Leedstown Formation:  dominated by 
mainly red and gray fluvial rocks, 
particularly mudstone and sandstone with 
some  siltstone 

 Port Royal Formation:  comprised 
mainly of dark gray to black lacustrine 
shale (mudstone) and some sandstone 

 Newfound Formation:  basal gray and 
red sandstone and conglomerate with some 
red and gray fluvial rocks, including 
sandstone and siltstone 

 South Anna Formation:  black, gray, 
and red sandstone, mudstone, and 
conglomerate gray fluvial rocks, including 
sandstone and siltstone, with some red 
fluvial rock 

 Falling Creek:  gray fluvial rocks, 
including sandstone and siltstone, and dark 
lacustrine shale 

 Stagg Creek Member: predominantly 
gray sandstone with some mudstone 

 
Source:  LeTourneau, 2003 

5.5.5 Storage in the Waste Gate Formation 

The Waste Gate Formation is another candidate formation for carbon 
sequestration that exists in the Coastal Plain of Maryland.  This 
stratigraphic unit was identified in the MRCSP Phase I Report (2005) as a 
potential CO2 storage site.  The Waste Gate is located in the subsurface 
strata underlying the southwest region of Maryland, in the eastern 
Delaware-Maryland-Virginia, or Delmarva, Peninsula, with portions 
extending into the subsurface eastward into the Atlantic Ocean and 
northward into New Jersey.  Figure 5-16 shows the extent of the Waste 
Gate in the subsurface in Maryland.  Studies of the deep subsurface of the 
Coastal Plain have been limited because shallow aquifers have generally 
provided adequate potable water sources, and there is little potential for 
production of hydrocarbons, thus eliminating the need for deeper 
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investigations.  However, in 1984, Hansen conducted a study of the Waste 
Gate and based on his report it appears the Waste Gate may have good 
reservoir properties for sequestering CO2 (Hansen, 1984). 

Figure 5-16 Location of the Waste Gate Formation in Maryland 

 
Source:  Frostburg State University, Western Maryland Regional GIS Center. 

The Waste Gate is part of the Potomac Group, which for the most part 
overlies igneous and metamorphic basement rock in most of the area of 
interest.   The Waste Gate is a well defined sand unit that is relatively 
deep, occurring at depths ranging from 3,500 feet to 5,670 feet near the 
coast (Hansen, 1984).  It is estimated to range in thickness from zero feet 
thick at its up-dip pinchout to about 1,515 feet thick near the Delmarva 
coast (Hansen, 1984).  Hansen (1984) reported that porosity in the Waste 
Gate ranges from 19 to 27 percent, and that the permeability ranges from 
16-122 millidarcies.  The waters in the formations are saline, with > 20,000 
mg/L dissolved solids, and thus would not be considered for use as a 
potable water source.  The Waste Gate also appears to have a regionally 
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continuous confining unit above it, which is composed of a dense or hard 
clay and sandy clay beds, that range in thickness from 50 to 100 feet.   

In his 1984 report, Hansen concluded that the hydrogeologic setting of the 
Waste Gate formation is suitable for liquid waste disposal.  At the present 
time, however, further investigation on the Waste Gate formation will 
need to be completed to fully characterize this formation in terms of 
carbon storage suitability.  The Waste Gate is geographically situated near 
certain power plants located in the Coastal Plain region of Maryland and 
would thus have access to a CO2 source. 
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6.0 CONCLUSIONS AND NEXT STEPS 

Increases in CO2 concentrations, which is a primary GHG, in the 
atmosphere confirm the need for CO2 mitigation options in the U.S.  
Recent improvements in technology associated with full-scale CCUS 
implementation as well as the establishment of multiple pilot projects 
demonstrate that CCUS can be a successful method of preventing CO2 
emissions generated by point sources from entering the atmosphere.  As 
the technology and knowledge continues to mature, it is expected that 
efficiency and costs associated with CCUS will improve. 

In Maryland, a review of existing data reveals that geologic sequestration 
and CO2 use potential exists in Western Maryland, as well as in the 
Southwestern portion of the State that overlies the Taylorsville Basin and 
the Waste Gate formations.  The potential future beneficial uses of CO2 in 
Maryland, including ECBM recovery, fracturing for unconventional gas 
development, and even the potential pipelining of CO2 to EOR sites, could 
provide both economic and environmental incentive to justify the capture 
and transport of CO2.  More detailed studies that involve collaboration 
among agencies and industry could provide further information and 
address a host of issues, including physical and chemical reservoir 
characteristics influencing storage volumes and permanence, CO2 
interactions and behavior within target reservoirs, environmental risk 
analyses, infrastructure requirements and costs, regulatory concerns and 
stakeholder outreach.  Carbon capture technologies necessitate additional 
research, development, and demonstration to reach commercial scale; 
however, some demonstration projects and federal research initiatives that 
will help drive the scaling of this technology are progressing.  CO2 
pipelines are commercially available and more economically feasible than 
carbon capture.   

The primary obstacles to implementation in Maryland, as in other areas of 
the country, are the lack of national regulatory direction and economic 
incentive to drive the implementation of a CCUS program.  Significant 
costs, particularly upfront to establish the capture and transportation of 
CO2, may discourage utility companies from further investigating CCUS 
opportunities.  However, it has become clear that CO2-EOR has the 
potential to recover billions of barrels of oil from existing U.S. oil fields in 
certain areas of the country, and therefore can provide the economic 
incentive required to invest funding into the capture and transportation of 
CO2.  Potential exists in the future for Maryland to become part of a larger 
CO2 pipeline network and provide CO2 for EOR in the Appalachian Basin 
region.   
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In an effort to continue forward progress toward the goal of carbon 
capture, transportation, utilization, and sequestration in Maryland, PPRP, 
in conjunction with other State agencies, can take certain actions.  These 
actions, some of which are already being implemented, include: 

 Maintain dialogue with and participation in CO2 sequestration and 
usage focus groups, including the MRCSP and NA2050; 

 Continue researching the characteristics of potential storage 
formations in Maryland with the ultimate goal of conducting 
detailed characterization studies and pilot testing in the future; 

 Complete an in-depth market study that analyzes the potential for 
a CO2 market in the Appalachian Basin.  Exeter, Inc., an 
independent consulting firm in Maryland, is currently in the 
process of conducting this type of study; 

 Continue to track developments of the CO2 use industry in other 
regions of the world and the U.S., with a particular focus on the 
Western U.S. and the proposed Denbury pipelines.  Information 
gained from and precedent set by these projects could serve as a 
go-by for future projects in Maryland; 

 Continue to track regulatory and legislative developments 
pertaining to CCUS or any other policies that may affect those 
industries nationally or globally and provide constructive 
comments to protect Maryland’s interests and resources; and 

 Track industry developments regarding CO2 capture and use 
through direct communication with Maryland-based utility 
companies.  
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